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Abstract
In this thesis we have performed an experimental investigation into steady-state two-phase flow
behaviour at the core and pore scales and visualised the fluid distributions using medical and
fast synchrotron X-ray computed tomography.
We performed an experimental study of steady-state, drainage relative permeability curves with
CO2-brine and N2-deionised water, on a single Bentheimer sandstone core with a simple two-
layer heterogeneity over reservoir conditions of 10.3-20.7 MPa, 38-91◦C and 0-5 mol kg−1 NaCl
brine. We demonstrate that, if measured in the viscous limit, relative permeability is invariant
with changing reservoir conditions, and is consistent with the continuum-scale multiphase flow
theory for water wet systems. Furthermore, we show that under capillary limited conditions,
the CO2-brine system is very sensitive to heterogeneity in capillary pressure, and by performing
core-floods under capillary limited conditions, we produce effective relative permeability curves
that are flow rate and fluid parameter dependent.
We show that the appropriate conditions for measuring intrinsic or effective relative permeabil-
ity curves can be selected simply by scaling the driving force for flow by a quantification of
capillary heterogeneity and use this methodology to make measurements of CO2-brine relative
permeability for target CO2 storage reservoirs in the UK.
A new type of pore-scale flow behaviour was identified, that we term dynamic connectivity, using
fast synchrotron X-ray computed tomography to image the capillary dominated steady-state
flow of N2 and 1.5 mol kg
−1 KI brine at 50◦C and 10 MPa. Non-wetting phase flow occurred
via a stable connected pathway at low capillary numbers and through a series of transient
connections between a network of static ganglia with a dynamic connectivity at increasing
capillary numbers.
We speculate that changes observed in the strength and character of hysteresis between drainage
and imbibition during capillary and viscous dominated core-scale experiments is a consequence
of this pore-scale flow mechanism.
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List of Experiments
Table 1: Core scale experiments described in Chapter 4
Experiment Type∗ Rock NW phase† Flow rate‡ fnw Temperature Pressure Salinity
[ml/min] [◦C] [MPa] [mol kg−1]?
1 RPD Bentheimer CO2 20 - 38 20.7 0
2 RPD Bentheimer CO2 20 - 91 10.3 0
3 RPD Bentheimer CO2 20 - 42 13.5 3
4 RPD Bentheimer CO2 20 - 65 10.5 3
5 RPD Bentheimer CO2 20 - 40 10.7 0
6 RPD Bentheimer CO2 20 - 85 13.3 0
7 RPD Bentheimer CO2 20 - 41 12.1 5
8 RPD Bentheimer N2 20 - 50 15.5 0
9 RPD Bentheimer N2 7 - 50 15.5 0
10 RPD Bentheimer N2 40 - 50 15.5 0
11 RPD Bentheimer N2 - 0.5 50 15.5 0
12 RPD Bentheimer N2 - 0.993 50 15.5 0
13 RPI Bentheimer CO2 - - 38 20.7 0
14 RPI Bentheimer CO2 20 - 38 20.7 0
15 RPI Bentheimer CO2 20 - 40 10.7 0
16 RPI Bentheimer CO2 20 - 85 13.3 0
17 RPI Bentheimer CO2 20 - 41 12.1 5
18 RPI Bentheimer N2 20 - 50 15.5 0
∗RPD - drainage relative permeability, RPI - imbibition relative permeability.
†NW - non-wetting phase.
‡Total flow rate, qT = qnw + qw.
?mol NaCl kg−1 H2O.
9
Table 2: Core scale experiments described in Chapter 5
Experiment Type∗ Rock NW phase† Flow rate‡ fnw Temperature Pressure Salinity
[ml/min] [◦C] [MPa] [mol kg−1]?
19 RPD Bunter CO2 20 - 53 13.1 1
20 RPI Bunter CO2 20 - 53 13.1 1
21 RPD Bunter CO2 20 - 53 13.1 1
22 RPI Bunter CO2 20 - 53 13.1 1
23 RPD Bunter CO2 0.2 - 53 13.1 1
24 RPI Bunter CO2 0.2 - 53 13.1 1
25 RPD Ormskirk CO2 20 - 33 12.7 4.32
26 RPI Ormskirk CO2 20 - 33 12.7 4.32
27 RPD Ormskirk CO2 4 - 33 12.7 4.32
28 RPI Ormskirk CO2 4 - 33 12.7 4.32
29 RPD Captain CO2 20 - 80 18.0 1
30 RPI Captain CO2 20 - 80 18.0 1
31 RPD Captain CO2 2 - 80 18.0 1
32 RPI Captain CO2 2 - 80 18.0 1
33 RPD Paaratte CO2 20 - 63 12.5 0.1
34 RPI Paaratte CO2 20 - 63 12.5 0.1
35 RPD Paaratte CO2 2 - 63 12.5 0.1
36 RPI Paaratte CO2 2 - 63 12.5 0.1
37 RT Bunter CO2 20/ 0.5
4 - 53 13.1 1
38 RT Bunter CO2 0.5/ 0.5 - 53 13.1 1
39 RT Ormskirk CO2 20/ 2 - 33 12.7 4.32
40 RT Ormskirk CO2 1.5/ 1.5 - 33 12.7 4.32
41 RT Captain CO2 20/ 2 - 80 18.0 1
42 RT Paaratte CO2 20/ 0.5 - 63 12.5 0.1
43 RT Paaratte CO2 0.5/ 0.5 - 63 12.5 0.1
∗RPD - drainage relative permeability, RPI - imbibition relative permeability, RT - residual trapping.
†NW - non-wetting phase.
‡Total flow rate, qT = qnw + qw.
?mol NaCl kg−1 H2O.
4Drainage flow rate, qnw/ imbibition flow rate, qw.
Table 3: Pore scale experiments described in Chapter 6
Experiment Type∗ Rock NW phase† Flow rate‡ fnw Temperature Pressure Salinity
[ml/min] [◦C] [MPa] [mol kg−1]?
44 CI Bentheimer N2 0.02 0.5 50 10.0 1.5
45 CI Bentheimer N2 0.1 0.5 50 10.0 1.5
46 CI Bentheimer N2 0.3 0.5 50 10.0 1.5
47 CI Bentheimer N2 0.5 0.5 50 10.0 1.5
48 CI Bentheimer N2 0.04 0.5 50 10.0 1.5
49 CI Bentheimer N2 0.3 0.5 50 10.0 1.5
50 CI Bentheimer N2 1.0 0.5 50 10.0 1.5
∗CI - co-injection.
†NW - non-wetting phase.
‡Total flow rate, qT = qnw + qw.
?mol NaCl kg−1 H2O.
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Nomenclature
Symbol Description
A Cross-sectional area of flow domain [m2]
C Land trapping coefficient
D Density ratio, ρnw/ρw.
fnw Non-wetting phase fractional flow, fnw + fw = 1
g Acceleration due to gravity [m s−2]
H Length of flow domain, perpendicular to flow [m]
i = w, nw Wetting phase (brine, de-ionised water), non-wetting phase (CO2, N2)
k, kabs Absolute permeability [m
2]
kr,i Relative permeability to w and nw phase
kr,nw(Sw,irr) Endpoint relative permeability to nw phase at irreducible water saturation
L Length of flow domain, parallel to flow [m]
M Viscosity ratio, µnw/µw.
Nb Bond number
Nc Capilliary number
Ng Gravity number
Nrl Rapoport and Leas number
∆P Viscous pressure drop [Pa]
Pc Capillary pressure [Pa]
qi Flow rate [ml min
−1]
r Pore throat radius [m]
Si Saturation of phase i
Sw,irr Irreducible water saturation
Snw,i Initial non-wetting phase saturation after drainage
Snw,r Residual non-wetting phase saturation after imbibition
v Darcy velocity [m s−1]
β0.β1, β2 Betti numbers
θ Contact angle
λi Phase mobility, e.g. λCO2 = kr,CO2/µCO2
µi Dynamic viscosity [Pa s]
ρi Density [kg m
−3]
σ Interfacial tension between w and nw phase [N m−1]
τ Fisher exponent
φ Porosity
χ Euler number
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Chapter 1
Introduction
The evidence for anthropogenic climate change is overwhelming - the IPCC Synthesis Report
(2014) [48] states “Human influence on the climate system is clear, and recent anthropogenic
emissions of greenhouse gases are the highest in history.” The question is not whether we should
deal with it, but how. Climate modelling suggests it is very unlikely that global warming can be
kept below 2◦C (by keeping atmospheric CO2 concentrations below 450 ppm in 2100) without
the deployment of widespread mitigation technologies, in particular, carbon capture and storage
(CCS) [48,49].
Although almost half of the new power generation in 2014 came from renewables, over 80%
of global energy needs are met by fossil fuels [50], and many renewable energy technologies
are still limited by the intermittency of the energy supply (e.g. wind and solar) [51]. Energy
consumption is predicted to grow by one third by 2040, at which time 50% of global energy
will still come from fossil fuels [50]. Without CCS around 30% of oil, 50% of gas and 80% of
current global coal reserves would have to remain unburned to stay on the 2◦C target [52]. To
continue to meet our energy needs, CCS is a key technology that will allow the continued use
of fossil fuels while preventing CO2 from being released to the atmosphere [51].
The depleted oil and gas fields and regional saline aquifers of the North Sea make an ideal
location as a CO2 storage hub for the UK and Western Europe [53–55]. Storage capacity has
already been demonstrated in offshore Norway by Statoil’s Sleipner project, in which over 15
million tonnes of CO2 have been trapped over 20 years of operation [56,57] and there are over 20
small-scale demonstration CO2 storage sites currently in operation around the globe [58].
Despite repeated calls for CCS deployment to be accelerated [53, 59], the UK government
recently cancelled £1 billion in funding that was to be made available for the demonstration
of CCS in the UK [60]. A report by the Energy and Climate Change Committee to the House
of Commons in response to this highlighted that this decision is in direct contradiction with
the statutory decarbonisation targets set by the government [61]. Without CCS, the UK is
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unlikely to meet the target set by the 2008 Climate Change Act to reduce emissions by 80%
by 2050 [62].
It is clear that the major challenge to CCS comes from policy-making, inconsistent governance,
societal perception and economics, rather than technological understanding [63]. That being
said, the reservoir models used to identify suitable storage sites and predict trapping capacity
require a detailed physical description of the interaction between CO2 and brine in the pore
space of subsurface reservoirs. Thus, multiphase flow behaviour in porous media is a topic of
particular relevance for the storage of CO2 in geologic formations.
1.1 Geologic CO2 storage
The trapping of CO2 in the subsurface occurs via four main mechanisms: structural trapping
of buoyant CO2 under an impermeable caprock; capillary trapping, where residual bubbles of
CO2 are isolated and immobilised in the pore space (Figure 1.1); dissolution trapping, where
CO2 dissolves into the resident brine and the dense, CO2-saturated brine sinks through the
reservoir; and mineral trapping of CO2 through reaction with the reservoir rock, resulting in
the precipitation of carbonate minerals [64]. Dissolution and precipitation are predicted to
occur on long timescales of the order of hundreds to thousands of years and thus a free and
mobile CO2 phase will also exist in the reservoir over that timescale [49]. For any of these
trapping mechanisms to be effective, CO2 needs to be in contact with the resident brine or
distributed through the pore space, all of which require the flow of CO2, displacing the ambient
brine in a drainage process. Re-invasion of water (imbibition) is required to immobilise the
CO2 via capillary trapping.
To ensure the safety and efficiency of CO2 trapping, it is important to be able to predict where
the CO2 will go in the reservoir formation and how much of it can be trapped. This requires an
understanding of the relative permeabilities of both phases (illustrated in Figure 1.1) and how
the steady-state flow of CO2 and brine is affected by geologic heterogeneity. This understanding
can be further developed by visualising the physical arrangement of CO2 and brine in the pore
space. It is the multiphase flow of CO2 and brine through the pore space with which this thesis
is concerned.
Much of the interest in multiphase flow has been motivated by the petroleum industry, where
the goal is to maximise oil recovery and where understanding relative permeability is key to
successfully modelling processes such as water-flooding and enhanced oil recovery. Although oil
and brine are the fluid pair of interest for these processes, interestingly the first measurements of
relative permeability were made using CO2 and brine in large packed sand columns by Wyckoff
and Botset in 1936 [65].
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Figure 1.1: Storage of CO2 by residual trapping. The hysteresis in relative permeability is controlled
by the amount of capillary trapping in the pore space. There is a maximum CO2 saturation at the
leading edge of the plume (A). At the trailing edge, imbibition of the resident brine causes snap-off
of the connected CO2, reducing the relative permeability and eventually immobilising the CO2 as a
residual phase (B). Modified after Krevor et al. (2015) [1].
Geologic CO2 storage differs from oil recovery in that both the initial state of the reservoir
after drainage and the final state after imbibition can be engineered. During oil recovery it is
only the final imbibition state that can be modified. During CO2 storage, injection strategies
can be designed such that a favourable distribution of CO2 is created in the reservoir at the
end of drainage so that the maximum residual saturation is achieved after imbibition. An
understanding of the flow behaviour of CO2 and brine during drainage and imbibition is crucial
to achieve this distribution.
1.2 Thesis outline
In this thesis we investigate experimentally the effect of reservoir conditions and pore space
heterogeneity on the steady-state relative permeability and fluid arrangement of CO2 and brine.
We use medical X-ray computed tomography (CT) to visualise the fluid distribution of CO2
and brine and N2 and deionised water in sandstones at a resolution of 0.23 × 0.23 × 1.0 mm.
We image the pore space arrangement of N2 and brine at a resolution of 3.6 × 3.6 × 3.6 µm
using fast synchrotron X-ray CT.
The thermophysical properties of CO2, descriptions of multiphase flow behaviour and pore-scale
flow mechanisms are reviewed in Chapter 2. We describe the experimental design, set-up and
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procedure used to measure relative permeability, residual trapping and fluid saturation at the
core-scale and to co-inject and image fluids at the pore-scale in Chapter 3. The results of a
core-scale experimental investigation into how the capillary-viscous force balance impacts flow
properties in a simple heterogeneous Bentheimer sandstone are provided in Chapter 4. We also
develop a procedure for making measurements of relative permeability that can be scaled to
represent the range of flow behaviour that is expected in the reservoir (Chapter 4) and test
this method by performing relative permeability measurements on core samples from planned
CO2 storage sites around the UK and a current CO2 storage site in Australia (Chapter 5).
We investigate experimentally the pore-scale flow behaviour and fluid arrangement of CO2
and brine during steady-state two-phase flow in Chapter 6 and describe a new pore-scale flow
mechanism. Final conclusions and further work are presented in Chapter 7.
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Chapter 2
Scientific Background and Literature
Review
Relative permeability curves are a fundamental input to reservoir models which provide the
only way to predict the subsurface flow and trapping of CO2. There is still much controversy
surrounding the measurement of CO2-brine relative permeability curves. What parameters im-
pact relative permeability (rock heterogeneity, fluid properties such as viscosity and interfacial
tension etc.)? Do the relative permeability curves measured on small samples in the lab provide
a sufficient basis from which to predict fluid migration over a reservoir? How do we perform
such measurements successfully given the difficulties of using a low viscosity fluid like super-
critical CO2, the corrosive nature of CO2-brine mixtures and the potential for mass transfer of
CO2 out of the experimental system. Despite increased interest in CO2 storage, the response of
the CO2-water relative permeability to varying fluid parameters has yet to be comprehensively
evaluated, as has its impact on residual trapping.
In this chapter we review the fluid (Section 2.1) and rock-fluid properties (Section 2.2) that
control multiphase flow behaviour; provide a description of relative permeability (Section 2.3)
and the characteristics of relative permeability curves (Section 2.4); discuss methods of scaling
flow behaviour from pore to reservoir scale (Section 2.5); provide a compilation of published
CO2-brine relative permeability curves and discuss factors thought to influence relative perme-
ability (Section 2.6); review pore-scale flow mechanisms (Section 2.8); provide a description of
non-wetting phase connectivity (Section 2.9); and discuss developments in pore-scale dynamic
imaging (Section 2.10).
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2.1 Thermophysical properties
Geologic storage of CO2 is considered practical at reservoir depths where the temperature
and pressure conditions exceed the supercritical point of CO2 (Tcrit=31.1
◦C and Pcrit=7.38
MPa) [66]. Above this point, CO2 has a gas-like viscosity but liquid-like density, enabling
greater volumes of CO2 to be stored than at shallower depths. Following Nordbotten et al.
(2005) [47], typical conditions in saline aquifers and depleted oil and gas reservoirs can be
calculated for shallow (1 km depth) and deep (3 km) reservoirs subject to a uniform hydrostatic
pressure gradient of 10 MPa km−1 and either warm (surface temperature of 20◦C, geothermal
gradient of 45◦C km−1) or cold (surface temperature of 10◦C, geothermal gradient of 25◦C
km−1) temperature regimes. Typical viscosity and density values are given in Table 2.1 for a
brine molality of 1 mol NaCl kg−1.
Table 2.1: Fluid parameters of the CO2-brine system at typical reservoir conditions [2, 5–9,47].
CO2 Brine Interfacial
Basin Viscosity Density Viscosity Density Tension
[µPa s] [kg m−3] [µPa s] [kg m−3] [mN m−1]
Shallow cold (10 MPa, 35◦C) 58 713 792 1262 26
Shallow warm (10 MPa, 65◦C) 23 266 487 1224 38
Deep cold (30 MPa, 85◦C) 61 724 384 1203 30
Deep warm (30 MPa, 155◦C) 40 479 209 1138 24
In Figure 2.1 the viscosities and densities of brine and CO2 are shown as a function of pressure
and temperature along with the viscosity and density ratios (defined in Section 2.6.1), using
correlations developed by Phillips et al. (1981) [7] and Span and Wagner (1996) [8], and by
Kestin et al. (1981) [2] and Fenghour et al. (1998) [4]. The viscosities of CO2 and brine,
µCO2 and µw [Pa s], and densities of CO2 and brine, ρCO2 and ρw [kg m
−3], increase with
increasing pressure and decreasing temperature, and µw increases with increasing salinity [67].
Additionally, µCO2 and ρCO2 are always less than µw and ρw, such that there is always a high
viscosity contrast (high mobility), but a range in density contrasts between CO2 and brine.
The most commonly used models to describe the mole fraction (solubility) of CO2 in the aqueous
phase and H2O in the CO2-rich phase for a CO2-brine system are by Duan and Sun (2003) [10]
and Duan et al. (2006) [11]. Generally, CO2 solubility in brine increases with increasing
pressure and temperature and decreasing brine salinity, but at the pressures relevant to geologic
CO2 storage the CO2 solubility decreases with increasing temperature (Figure 2.2).
The interfacial tension of CO2-brine systems has been measured by a number of groups [9,68–
71], with the most comprehensive dataset provided by Li et al. (2012) [9]. We used the empir-
ical relationships derived therein to calculate interfacial tension for the experiments performed
with CO2 in Chapters 4 and 5. As with the single-phase thermophysical properties, the inter-
facial tension is a function of pressure, temperature, and brine salinity, and generally decreases
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Figure 2.1: Top: Viscosities and viscosity ratio of the CO2-brine system calculated at zero salinity
[2–6]. Bottom: Densities and density ratio of the CO2-brine system calculated at zero salinity [5–8].
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with increasing CO2 solubility. At conditions relevant to subsurface storage (Table 2.1), the
interfacial tension ranges from 50 mN m−1 at high temperature, high salinity, and low pressure
conditions to 25 mN m−1 at low temperature, low salinity, and high pressure conditions (Figure
2.2).
Figure 2.2: Top: Interfacial tension of the CO2-brine system calculated for brines of 0 and 4 mol kg−1
NaCl [9]. Bottom: Solubility of CO2 in H2O calculated for brines of 0 and 4 mol kg
−1 NaCl [10,11].
2.2 Wetting behaviour of CO2 and brine in sandstones
Although CO2 has some solubility in water, ambient brine will rapidly become saturated with
CO2 at the leading edge of the plume. As a result, most of the flow processes occurring
behind the leading edge will be between two immiscible fluid phases. In a rock containing
two immiscible fluid phases, interfaces exist between each of the fluids and the solid rock
surface. Each interface has an associated energy per unit surface area, which is described by
the interfacial tension, σ [N m−1] [72] (Figure 2.3). The balance of interfacial forces between
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fluid-fluid and fluid-solid interfaces is characterised by the Young equation,
cos θ =
σw,s − σnw,s
σw,nw
, (2.1)
where the subscripts s, w and nw refer to the solid, wetting fluid and non-wetting fluid phases,
respectively. The contact angle θ is measured at the fluid-fluid-solid interface, through the
denser phase. The wetting phase has a stronger affinity for the rock surface and for most
rocks in their natural state (i.e. unaltered by organic materials), water is the wetting phase
(θ < 90) [13].
Figure 2.3: Wetting behaviour on a planar, mono-mineralic surface.
A pressure difference exists across the fluid-fluid interface and is defined by the Young-Laplace
equation,
Pc = Pnw − Pw = σw,nw
(
1
r1
+
1
r2
)
, (2.2)
where Pc [Pa] is the capillary pressure, Pw and Pnw the pressure in wetting and non-wetting
phases, and r1 and r2 [m] are the principal radii of curvature of the interface.
The wetting behaviour of a rock is important when there are two-phases present in the pore
space, as it controls the manner of the fluid distribution and the displacement mechanisms that
are possible. Where there is a strong preference for a particular fluid, the wetting phase pref-
erentially coats the surface of the rock grains, occupying crevices and the smallest pores, while
the non-wetting phase exists in the centre of the pores, surrounded by the wetting phase. Ob-
servations for CO2-brine systems generally indicate a water-wet system for sandstones (quartz
mineralogies), but there are contradictory results as to the magnitude of the contact angle
and its variation with fluid conditions, depending on the method used to measure the wetting
state.
Many sessile and pendant drop contact angle measurements suggest a high degree of sensitivity
to changes in pressure and brine salinity. Espinoza and Santamarina (2010) [71] found that
the CO2-brine system is water-wet on quartz with no impact of changing pressure and a weak
dependency on salinity up to 3.5 mol kg−1 NaCl. Chiquet et al. (2007) [68] have also observed
the system to be water-wet on quartz with little impact of both pressure and salinity from 0
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- 10 MPa and for 0.01 - 1 mol kg−1 NaCl solutions. Additionally, in microfluidic experiments
with silica micromodels, Kim et al. (2012) [73] observed contact angles ranging from water- to
mixed-wet for the supercritical CO2-brine system, as the salinity is increased from 0.01 - 5 mol
kg−1 NaCl. Jung and Wan (2012) [74] reported an increase in contact angle as the pressure is
raised beyond the critical point, but little change with increasing pressure was observed beyond
this. They also found a systematic increase in contact angle (decrease in the strength of water-
wetting) with increasing salinity, irrespective of the pressure. All of these measurements were
performed on idealised rock systems, usually a planar, smooth mono-mineralic surface which
bears little resemblance to the rough, non-planar surfaces which CO2 and brine come into
contact with in the subsurface.
The wetting states of real rock surfaces have been assessed using observations of relative perme-
ability. Egermann et al. (2006) [75] found that mercury-air and N2-brine fluid pairs could be
used to characterise CO2-brine capillary pressure and relative permeability so long as changes in
thermophysical properties were accounted for. They observed that CO2 entry pressures scaled
with interfacial tension, indicating the system was water wet. Pini and Benson (2013) [24]
found that the relative permeability behaviour of the CO2-brine system was consistent with
the water-wet N2-brine system, and Levine et al. (2014) [76] also found CO2 to be the non-
wetting phase, although the CO2 system was less strongly water wet than the N2 system.
Core-flooding capillary pressure tests can also be used to measure wetting properties [24,77–80].
Al-Menhali et al. (2015) [81] performed a study to measure the wetting of behaviour of the
CO2-brine-sandstone system over a wide range of conditions (5 - 20 MPa, 25 - 50
◦C, 0 - 5 mol
kg−1 NaCl) in a single sandstone core. They found very little change in the wetting properties
from the N2-water case, suggesting the CO2-brine-sandstone system is strongly water wet over
a wide range of reservoir conditions.
Thus for the experiments presented in Chapters 4 to 6, we expect quartz-dominated sandstone
cores to remain strongly water wet when using CO2-brine and N2-water fluid pairs.
2.3 Describing multiphase flow
The porous medium through which fluid is flowing can be described by the continuum properties
of porosity, φ [-], and permeability, k [m2]. The porosity is the void fraction of the bulk volume
of the medium and permeability is defined by the general form of Darcy’s law [82]
v = −k
µ
∇Φ, (2.3)
where v [m s−1] is the Darcy velocity, µ [Pa s] is the dynamic viscosity of the fluid, ∇ is the
Nabla operator. The fluid potential is given by Φ ≡ P+ρgz, where P [Pa] is the fluid pressure, ρ
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[kg m−3] is the fluid density, g is the acceleration due to gravity and z [m] is a spatial coordinate
in the direction of the gravitational force. The average interstitial fluid velocity, Q, is given by
Q = v/φ.
For a porous medium totally filled by two phases, one wetting and one non-wetting, i = w, nw,
the saturation Si [-], is defined as the fraction of the pore space occupied by phase i, given
by
Si =
Vi
VT
, (2.4)
where VT is the void volume of the porous medium, VT = Vw + Vnw, and Snw + Sw = 1.
When more than one fluid phase is present the resistance to flow is increased such that the
permeability of each phase is reduced with respect to the absolute permeability of the medium.
The co-current flow of two phases through a porous medium can be described by their relative
permeability,
kr,i =
ki
k
, (2.5)
where the relative permeability of a phase, kr,i, is the ratio of the effective permeability of that
phase, ki [m
2], to the absolute permeability of the porous medium, k [m2]. In general, the sum
of the relative permeabilities of each phase will be less than one (kr,w +kr,nw ≤ 1). The relative
permeability to a fluid phase is assumed to be an increasing function of the saturation of that
phase such that kr,i = kr,i(Si).
Substituting Equation 2.5 into Equation 2.3, the multiphase extension to Darcy’s law [65, 83]
can be defined as
vi = −kr,ik
µi
∇Φi. (2.6)
2.4 Characteristics of the relative permeability curve
The relative permeability-saturation relationship is derived experimentally [84] and depends on
the rock wettability and on the geometry of the pore space [65, 85, 86]. Generally, it is not a
strong function of individual fluid properties [84, 87] (see Section 2.6), but rather is strongly
correlated to the balance of viscous and capillary forces. In the absence of capillarity, viscous
forces would lead to a uniform distribution of each phase in the pore space of the rock in a
proportion corresponding to its saturation, and the relative permeability curves would simplify
to two symmetrical diagonal lines intersecting at 50% saturation [72].
An example set of drainage and imbibition relative permeability curves for a strongly water-wet
system are shown in Figure 2.4. The relative permeability to the water phase decreases rapidly
with increasing non-wetting phase saturation and becomes negligible at low water saturations
(Sw ∼ 0.4). This is indicative of the non-wetting phases being distributed in the larger (and
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Figure 2.4: Example relative permeability curves for drainage and imbibition in a strongly water-wet
system (adapted from [12,13]).
more conductive) pores [88], thus implying that only a portion of the pore space is substantially
contributing to fluid flow. Accordingly, the relative permeability of the non-wetting phase
increases with decreasing water saturation and values approaching the absolute permeability
of the rock are observed at non-wetting saturations much less than 100% [29,86,89].
The non-wetting phase relative permeability at irreducible water saturation, kr,nw(Sw,irr), com-
monly know as the endpoint relative permeability, and the cross-point at which wetting and
non-wetting phase relative permeabilities are equal (kr,nw = kr,w) are used as indicators of the
wetting characteristics of the rock. Cross-points at Sw > 0.5, kr,nw(Sw,irr) > 0.5 and Sw,irr < 0.2
all suggest a strongly water-wet system [13,84,90].
This framework will be drawn upon to describe relative permeability relationships in Chap-
ter 5.
Relative permeability functions do not depend solely on the saturation, but also on the direction
and history of the saturation change [13]. We refer to drainage, when displacement results in
a decrease in the wetting phase saturation, and imbibition when displacement leads to an
increase in wetting phase saturation. Imbibition and drainage curves generally differ from each
other and the term hysteresis is used to indicate the history-dependence of multiphase flow.
One result of hysteresis is that the non-wetting phase relative permeability during imbibition
goes to zero with significant non-wetting phase remaining in the pore space. This is known
as residually trapped non-wetting phase (Snw,r) [84] and corresponds to the condition of zero
capillary pressure (Pc = 0), indicating there is no connected non-wetting phase across the
sample.
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The impacts of hysteresis are important in situations with strong flow reversals. During cyclic
water and gas injection, waterflooding results in the trapping of the gas phase. In the context of
CO2 sequestration, a drainage process takes place at the leading edge of the CO2 plume, whereby
the resident water is displaced by the injected CO2, and an imbibition process takes place at the
trailing edge, where gas is displaced by the return flow of water. This leads to the break-up of
the CO2 phase into discrete ganglia, which eventually become immobile [91]. At the continuum
scale, this phenomenon is called residual trapping and its contribution to the immobilisation of
sequestered CO2 over the hundred-year time scale can be substantial, as suggested by modelling
[92], field test [93] and laboratory data [12, 94]. The trapping characteristics of a given fluid-
pair system are commonly presented through the so-called initial-residual (IR) curve, where
the maximum (initial) non-wetting phase saturation is plotted as a function of its residual
saturation [84] (see Section 3.1.9).
2.5 Scaling from pore to core to reservoir
Many descriptions of flow in porous media are formulated for a particular scale. This could be
the pore-scale (L ∼ 10−6 − 10−4 m) at which capillary forces tend to govern the distribution
of fluids, the core-scale (L ∼ 10−2 − 100 m) at which many fluid properties are measured and
represents average behaviour across tens of thousands of pores, or the reservoir scale (L ∼
102 − 103 m) which is the scale at which derived flow functions are used in order to predict oil
recovery or CO2 storage capacity. The interplay of capillary, viscous and gravity forces during
two-phase flow in simple heterogeneous media can result in many different flow phenomena.
In the case of supercritical CO2 displacing water, the CO2 has a lower viscosity which can
create a viscous fingering flow regime. There is also a strong density contrast between the CO2
and water such that gravity segregation can result in vertical flow. Capillary heterogeneity in
the porous medium may also result in cross-flow between layers with different permeabilities
and capillary entry pressures. When performing core-floods it is important to represent the
force balance that occurs in the reservoir so that measurements of relative permeability are
made under the prevailing flow regime. To ensure the flow behaviour is properly represented,
dimensionless numbers are used to characterise the force balance at each scale.
A dimensionless capillary number can be defined to characterise the balance of capillary and
viscous forces, a dimensionless Bond (pore scale) or capillary gravity (Darcy scale) number to
characterise the balance of capillary and gravity forces and a dimensionless gravity number to
represent the balance of gravity and viscous forces. Under typical reservoir conditions capillary
forces dominate at the pore-scale and govern hysteresis and trapping. If either viscous or
buoyancy forces were to dominate at the pore-scale the non-wetting phase would rarely be
trapped as water would be able to invade as a connected front with little bypassing or snap-
off and any blobs of non-wetting phase that were trapped would be pushed out by viscous
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forces.
Descriptions of the relative importance of capillary driven flow to viscously driven flow can be
extended to the continuum or core-scale to characterise the relative importance of capillary
heterogeneity to permeability heterogeneity.
There are a number of ways to formulate the capillary number depending on the scale and
parameters of interest (Table 2.2). The aim is usually to be able to compare the core-scale
experiments performed in the lab with the displacements that occur in a reservoir. For many
definitions of capillary number, capillary forces have been found to dominate at the pore-scale
for Nc < 10
−5 [84]. Given that typical pore-scale capillary numbers for field scale flow are
between 10−8 to 10−6 and assuming that if capillary forces dominate then the capillary number
has no effect on relative permeability curves, then core-scale relative permeability measurements
can be carried out using any fluid parameters and flow rates so long as the capillary number of
the displacement is below 10−5.
Table 2.2: Common formulations of the dimensionless capillary number or viscous-capillary force
balance
Author aaaaCapillary number Transition Scale
Moore and Slobod (1956) [95] Nc =
vµ
σcosθ 10
−7 pore
Taber (1969) [96] Nc =
∆P
Lσ
10−5 − 10−4 continuum
Foster (1973) [97] Nc =
vµ
σ 10
−5 − 10−4 pore
Melrose and Brandner (1974) [98] Nc =
vµ
φσ 10
−5 aaacontinuumaaa
Jerauld and Salter (1990) [99] Nc =
k∆P
σ
10−5 continuum
Virnovsky et al. (2004) [28] Nc =
H
|∆Pc|
∆P
L
10−1 − 103 continuum
Armstrong et al. (2014) [100] Nc =
lclµwv
kr,wkpc
1 pore/continuum
Absolute permeability k [m2], pressure drop ∆P [Pa], interfacial tension σ [N m−1], characteristic
lengths parallel to flow L and gravity H [m], darcy flow velocity of the displacing fluid v [m s−1],
viscosity of the displacing fluid µ [Pa s], contact angle θ [◦], porosity φ [-], difference in characteristic
capillary pressure or entry pressure |∆Pc| [Pa], cluster length lcl [m]
38
2.5.1 Representative elementary volume
Theoretical descriptions and physical observations of flow in porous media are usually associated
with three length scales: pore (microscopic), core (macroscopic) and field scale. The dominant
forces controlling flow vary with scale, as do the governing equations. Upscaling requires a
mathematical model of the flow at the smaller scale and, usually, an assumed mathematical
model of the flow at the larger scale. Upscaling from core to reservoir typically assumes that
Darcy’s law applies at both scales whereas upscaling from pore to core scale only assumes that
Darcy’s law applies at the core scale. The representative elementary volume (REV) is used to
define effective values of a property at the larger scale [85]. Rather than describing the flow
of individual molecules or even the flow through individual pores, the flow properties can be
averaged over a volume which is large compared to a single pore but small in comparison with
the flow domain. Thus the REV is the minimum volume containing a statistically representative
distribution of pores. Properties such as porosity and permeability will not vary between
volumes located spatially in different places within a flow domain so long as the volumes are
larger than the REV [72].
It is easy to imagine an REV on the millimetre scale for homogeneous rock cores. However,
in cores which show structural heterogeneity on multiples length-scales such as laminations
or cross-bedding, the size of the REV may vary spatially and with the scale of heterogeneity
that is of interest. Consequently, it is possible to define multiple scales of REV depending on
the flow processes we aim to understand, due to the balance of forces that control the flow at
different length-scales [101]. In core-flood experiments there is a limit as to the size of rock
sample which can be used, usually around 30 cm. This means the measurement of a continuum
property, such as relative permeability, is only relevant for heterogeneities for which an REV
smaller than the core sample can be defined. The effect of larger scale heterogeneities must be
incorporated using upscaling techniques.
Scale dependency of porosity and permeability in Brent Triassic sandstone shown in Figure 2.5
suggests an appropriate REV length scale of around 0.2-0.25mm [14]. This is of the order of
the magnitude at which saturation is measured in medical X-ray CT scanners, but well below
the volume of a rock core in which relative permeability is measured.
Additionally, pore network models may be used to predict relative permeability using pore-scale
imaging of rock samples which can be compared with experimental values. This technique has
been successfully employed on sandstones samples of 1× 1× 1 mm3 suggesting that volume is
above the REV [80,102] .
When an REV can be defined, Effective Medium Theory (EMT) can be used in upscaling to
predict macroscopic rock properties. It is a tool used to average the properties of a statistically
homogeneous medium, defined by an REV, or to transform a heterogeneous system, such as a
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Figure 2.5: Variation in porosity and permeability averaged for a cubic volume of Brent Triassic
Sandstone (replotted from Zhang et al. (2000) [14].
reservoir with multiple flow units of variable properties, into an effective homogeneous medium
which has uniform effective properties (Figure 2.6) [201].
Often EMT is applied to static rock properties which are not a function of fluid flow or satu-
ration, such as porosity or absolute permeability. Applying EMT is more complex when the
property of interest is saturation-dependent. Typically a two-step process must be used where
capillary pressure is computed from the distribution of pore throats in the sample, then the
distribution of capillary pressure is used to define the REV and compute relative permeabilities
for the corresponding effective medium [202].
Figure 2.6: Illustration of the use of Effective Medium Theory to define an intrinsic and effective
property. Greyscale colours represent a static rock property such as porosity that is averaged over
different sub-volumes, or the fluid saturations observed when changing the viscous-capillary force
balance alters whether the medium acts as a single flow unit or several.
2.5.2 Pore-scale capillary number
We can define a capillary number simply by considering the pressure difference in a pore of
radius r and length L due to capillary and viscous forces. For capillary forces this is given by
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the Young-Laplace equation (equation 2.2),
Pcap =
2σ
r
, (2.7)
and for viscous forces by rearranging Darcy’s law (Equation 2.3),
Pvisc =
vµL
k
. (2.8)
Assuming for a typical sandstone that k ≈ 10−4r2 and L/r ≈ 10, the ratio of viscous to capillary
forces is
Pvisc
Pcap
=
vµL
k
r
2σ
=
vµ
σ
10r2
10−4r2
= 103
vµ
σ
, (2.9)
Therefore, if we define the capillary number as
Nc =
vµ
σ
, (2.10)
viscous and capillary forces are equal at Nc ≈ 10−3.
This definition of capillary number assumes viscous and capillary forces are acting on the same
scale, i.e. that of a single pore throat radius, and does not contain any information as to the
topology of the non-wetting phase. Trapped CO2 ganglia can extend over multiple pores and
may have lengths of millimetres [103, 104], meaning viscous forces act on the length scale of
the ganglion and capillary forces act on the length scale of a single pore throat, and thus the
formulation in Equation 2.10 may not always be appropriate.
Armstrong et al. (2014) [100] attempt to redefine the capillary number to take the discrepancy
in length scales into account, and thus define a macroscopic capillary number that also contains
pore-scale information,
Nc =
lclµwv
kr,wkpc
, (2.11)
where lcl [m] is the saturation normalised length of a cluster of trapped non-wetting phase.
Using this definition, viscous and capillary forces are equal at Nc ≈ 1. This transition is more
intuitive than that obtained for Equation 2.10; however, it relies on having a value for cluster
length, which is only possible in pore-scale imaging experiments.
2.5.3 Continuum scale capillary number
Scaling analysis has been applied to multiphase flow in geologic systems to identify the varied
roles of fluid and rock properties at a range of length scales [105, 106] and has been extended
to characterise the impacts of rock heterogeneity by [107–109], where heterogeneity is rep-
resented through changes in both absolute permeability and capillary pressure characteristic
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curves.
For systems with heterogeneity, a capillary number that compares viscous fluid velocities in
a principal direction (e.g. along the length of a rock core) to capillary driven flow transverse
to this is a key measure of the importance of capillary and permeability heterogeneity in the
system [109]. This is sometimes referred to as a transverse capillary number, Nc,T .
A commonly used transverse capillary number is defined by Yokoyama and Lake (1981) [107]
and Zhou et al. (1994) [108] as
Nc,T =
H2vµnw
Lp∗ckT
, (2.12)
where L and H [m] are length scales in the principal and transverse directions (e.g. in a rock
core, along the axis and the diameter respectively), p∗c [Pa] is a characteristic capillary pressure
(entry or modal capillary pressure), kT [m
2] is the permeability in the transverse direction, v
[m s−1] is the total fluid velocity in the principal direction, and µnw [Pa s] is the viscosity of
the non-wetting phase.
Figure 2.7: Transverse and longitudinal flow in a core with a simple layered heterogeneity in absolute
permeability, k.
Consider a drainage displacement of water by CO2 in a simple two-layered core (Figure 2.7),
when Nc,T >> 1, viscous forces dominate the flow resulting in both sides of the core being
invaded equally by CO2 [108]. If Nc,T << 1, capillary forces drive fluid flow in the transverse
direction resulting in the imbibition of water into the low permeability layer, so that most of the
CO2 invades the high permeability layer. This capillary redistribution is termed ‘cross-flow’.
We use a rock core with the two-layer heterogeneity shown in Figure 2.7 to investigate the
viscous-capillary force balance during CO2 and N2 injection in Chapter 4.
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Virnovsky et al. (2004) [28] define a capillary number,
Nc =
H
|∆Pc(fw)|
∆P
L
, (2.13)
where the contribution from capillarity is given by the magnitude of a characteristic difference
in capillary pressure, |∆Pc| and the viscous component is given by the pressure drop, ∆P . It is
equivalent to Equation 2.12 but the benefit of this formulation is that it allows the viscous pres-
sure drop measured during an experiment to be compared directly with the measured capillary
heterogeneity for the core sample and no specific directionality for the capillary contrast needs
to be defined. Equation 2.13 also acknowledges that the importance of capillary heterogeneity
will vary as a function of fractional flow. We use this formulation to characterise the core-floods
in Chapters 4 and 5.
The choice of characteristic capillary pressure will depend on the heterogeneity present in the
rock core. For a rock with a relatively uniform pore size distribution and flat capillary pressure
curve, the capillary entry pressure can be used. Similarly, for rocks with strong laminations, the
contrast can be estimated by measuring separate capillary pressure curves on sub-samples of
each of the layers within a rock sample. This method is not always practical when laminations
are very thin or the structure more complex. We discuss a method to estimate the characteristic
capillary pressure difference using saturation distributions in Section 4.6.
Equations 2.12 and 2.13 give a measure of the relative importance of capillary and viscous forces
in distributing fluids, depending on the spatial scale of inspection, the capillary properties of
the rock (capillary pressure and absolute permeability), the viscous fluid flow velocity and the
displacing fluid viscosity. The larger the numbers, the closer the system is to a viscous limit,
where saturation is determined purely by the distribution of the absolute permeability in the
domain. The saturation is homogenous across layers with different capillary properties if the
system is characterised by a single relative permeability curve (Figure 2.8, red line). The smaller
the number, the closer the system is to the capillary limit, where capillary pressure is constant
and variation in saturation is governed by heterogeneity in the capillary pressure characteristic
curves (Figure 2.8, blue line). Intermediate behaviour is observed over the transition between
these limits (Figure 2.8, purple line).
Figure 2.9 shows a compilation of capillary numbers, Nc, calculated for steady-state drainage
CO2-brine relative permeability data measured on sandstones and carbonates at various fluid
and flow conditions [12, 15–27] (listed in Table 2.3). Where possible, the reported values of
∆P , are used, else the pressure drop is calculated from the reported relative permeability data
(See Equation 2.6). For data measured on Berea sandstone a constant |∆Pc| of 5000 Pa is used
(taken from [80]) else the reported capillary entry pressure or |∆Pc| for the rock sample is used.
For the experiments in this study, the measured |∆Pc(fw)| is used. Further discussion of this
calculation is provided in Section 4.6. The majority of the data in Figure 2.9 is measured under
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Figure 2.8: The impact of capillary heterogeneity on the saturation distribution as the flow domain
transitions from a capillary (constant Pc) to viscous limiting case (constant Sw).
Figure 2.9: Histogram of calculated Nc for the steady-state drainage relative permeability data
presented in Chapter 4 and from a literature compilation [12, 15–27]. The transition from capillary
limit (CL) to viscous limit (VL) is expected in the range 10−1 < Nc < 103 (grey bar) [28] and occurs
at Nc ≈ 75 (red dashed line) for the dataset measured on Bentheimer sandstone (See Section 4.6).
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capillary dominated conditions, which we will argue in Chapter 4, Section 4.6, is the reason some
authors find a dependence of CO2-brine relative permeability on reservoir conditions.
Although these capillary numbers qualitatively describe scaling in heterogeneous systems,
Pickup and Stephen (2000) [110] point out they cannot be used to reliably predict the precise
number where a flow system is dominated by capillary or viscous (permeability) heterogeneity.
Virnovsky et al. (2004) [28] find that the transition is dependent on the specific heterogene-
ity, i.e., not just characteristic capillary pressure differences but also the spatial pattern of the
heterogeneity itself. For example, a rock composed of horizontal layers with alternating high
and low absolute permeability may have the same effective permeability as a rock with a low
permeability matrix and irregularly distributed high permeability streaks, but the transition
from capillary to viscous dominated flow will not necessarily occur at the same capillary num-
ber. However, transitions from a capillary limit to a viscous limit generally occur for a number
of system types in the range 0.1 < Nc < 100. For the experimental results presented in this
work, we find a transition at around Nc ≈ 10 to 75, depending on fluid saturation (illustrated
on Figure 2.9).
From Equation 2.12 it is clear that viscous forces dominate at larger length scales, higher flow
velocities, and higher fluid viscosities. Using q = 1 m/day, H/L = 0.2, p∗c = 10 kPa, kT = 10
mD and µCO2 = 2.5× 10−5 Pa s, capillary and viscous forces are approximately equal at length
scales of 10 metres and capillary forces become significant at less than 1 metre. This is the length
scale at which reservoir flow properties are characterised in the laboratory. Typical pressure
drops during core-scale experiments range from 10 to 500 kPa, which means that for H/L = 0.2
and ∆Pc = 10 kPa, Equation 2.13 gives capillary numbers in the range of 0.2 < Nc < 10, the
range at which the transition from capillary to viscous dominated flow conditions is predicted
to occur by Virnovsky et al. (2004) [28]. An evaluation of the potential for an impact of
capillary heterogeneity on flow during the characterisation of a core is thus of key importance
for understanding the appropriate steps to take for both the design of the observation test and
in the subsequent use of the derived flow property in reservoir simulation.
If capillary forces dominate the fluid distribution at the scale at which relative permeability is
measured, this will have an effect on the derived flow functions used to model reservoir scale
fluid flow. This has been confirmed experimentally for hydrocarbon systems [111] and through
modelling for the CO2-brine system [112]. Corbett et al. (1992) [113] and Ringrose et al.
(1993) [114] suggest the “geo-pseudo” approach to the use of constitutive flow relationships,
where core-scale relative permeability curves must be measured on each separate stratal element
that makes up a heterogeneous rock and then averaged, before using the scale-up procedure
normally used to derive pseudo relative permeability curves (e.g. [115]). This was acknowledged
as an “unsatisfying aspect of the method”. We will argue in Chapter 4 that pseudo or effective
flow functions, measured at low capillary number, can and should be directly performed on
the heterogeneous rock cores themselves, if the appropriate scaling is used to represent the
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conditions prevalent in the reservoir.
2.5.4 Bond number
The impact of gravity on the pore scale can be estimated using the pressure difference in a pore
of radius r and length L due to capillary and buoyancy forces. The capillary force is defined as
above using the Young-Laplace equation (Equation 2.2). The buoyancy force is estimated by
the pressure difference due to a density change, ∆ρ, over a length L, where
Pbuoy = ∆ρgL. (2.14)
As before we assume L/r ≈ 10, thus the ratio of buoyancy to capillary forces is
Pbuoy
Pcap
=
∆ρgLr
2σ
= 10−1
∆ρgL2
σ
= 10−1Nb. (2.15)
Therefore, if we define the Bond number as
Nb =
∆ρgL2
σ
, (2.16)
buoyancy and capillary forces are equal at Nb ≈ 10.
2.5.5 Continuum scale gravity number
The ratio of buoyancy to viscous forces can be represented as a gravity number, Ng. We can
define a gravity number for the case shown in Figure 2.7 following Zhou et al. (1994) [108],
Ngv =
∆ρgHkT
Lvµnw
, (2.17)
where L and H [m] are length scales in the principal and transverse directions (e.g. in a
rock core, along the axis and the diameter respectively), ∆ρ [kg m−3] is the density difference
between the two-phases, g [m s−2] is the acceleration due to gravity, kT [m2] is the permeability
in the transverse direction, v [m s−1] is the total fluid velocity in the principal direction, and
µnw [Pa s] is the viscosity of the non-wetting phase.
Simulation results have shown that the volume of CO2 that can be trapped in a reservoir
after CO2 injection has stopped is a strong function of the gravity number, where high gravity
number (strong gravitational forces compared to viscous forces) displacements immobilise less
CO2 but can reached the trapped saturation at a faster rate [116].
We can also define a gravity number using a similar methodology of the preceding sections.
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The buoyancy force is given by Pbuoy = ∆ρgH and the viscous force by Pvisc =
vµL
k
and we
define the gravity number as
Ng =
Pbuoy
Pvisc
=
∆ρgHk
vµL
. (2.18)
Therefore buoyancy and viscous forces are equal at Ng = 1.
2.6 Factors influencing relative permeability
Factors affecting relative permeability of multiphase flow in porous media for the oil-water
system were reviewed by Honarpour et al. (1986) [117]. Since then many experimental datasets
have been published on the oil-water system. More recently, efforts haven been renewed in the
this area with a focus on the CO2-brine system and the applications of multiphase flow dynamics
to subsurface carbon storage in saline aquifers [12, 17, 92] and many measurements of relative
permeability of the CO2-brine system have been published over the last 10 years [12, 15–17,
19–27, 81, 118–120], listed in Table 2.3. However there are a number of outstanding questions
posed in the literature as to which fluid parameters impact relative permeability and whether
fluid parameters are a more important control than pore space heterogeneity. In particular,
how does changing interfacial tension and viscosity ratio affect relative permeability and can
dimensionless groups be used to explain the combined effect of the these fluid parameters?
Many of the experiments in Table 2.3 have been performed on similar rock samples, e.g. Berea
sandstone, which means differences between relative permeability curves should only be the
result of changing fluid parameters, not the pore structure of the rock. However, only Bachu
and Bennion (2008) [19] and Al-Menhali et al. (2015) [81] performed multiple measurements
at different conditions on a single core, and neither of these studies are comprehensive enough
to be able to isolate the effects of changing individual fluid parameters or experimental condi-
tions.
In the following sections we review the impact of viscosity ratio, interfacial tension, wetting,
capillary number and pore space heterogeneity on relative permeability.
2.6.1 Viscosity ratio
The viscosity ratio is defined as the ratio of the viscosity of the non-wetting phase to the wetting
phase, where
M =
µnw
µw
. (2.19)
In the CO2-brine system and at constant brine salinity, most of the changes in viscosity ratio
come from changes in µCO2 (Figure 2.1). If changing the viscosity ratio has an effect on the
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Table 2.3: Published steady-state relative permeability curves for the CO2-brine-sandstone system.
Author Sample∗ Pressure Temperature Brine salinity Displacement
[MPa] [◦C] [mol kg−1] type†
Botset (1940) [86] Consolidated sand 0.05 20 0 dr
Holt et al. (1995) [121] Utsira SS 20 62 0.2 dr
Bachu & Bennion (2008) [17,19] Cardium SS 20 43 0.46 dr & imb
Bachu & Bennion (2008) [17,19] Cardium SS 6.89 43 0.46 dr & imb
Bachu & Bennion (2008) [17,19] Cardium SS 1.378 43 0.46 dr & imb
Bennion & Bachu (2008) [16,20] Cardium SS 20 43 0.47 dr & imb
Bennion & Bachu (2008) [16,20] Viking SS 8.6 35 0.48 dr & imb
Bennion & Bachu (2008) [16,20] Ellerslie SS 10.9 40 1.66 dr
Bennion & Bachu (2008) [16,20] Wabamun C 11.9 41 2.47 dr
Bennion & Bachu (2008) [16,20] Niksu C 17.4 56 2.34 dr & imb
Bennion & Bachu (2008) [16,20] Cooking Lake C 15.4 55 3.99 dr
Bennion & Bachu (2008) [16,20] Basal Cambrian SS 27 75 4.24 dr
Perrin & Benson (2010) [21] Waare C SS 12.4 63 0.1 dr
Perrin & Benson (2010) [21] Berea SS 12.4 50 0.13 dr
Lopez et al. (2011) [122] Krechba SS 18 95 1 dr
Krevor et al. (2012) [12] Berea SS 9 50 0 dr
Krevor et al. (2012) [12] Paaratte SS 9 50 0 dr
Krevor et al. (2012) [12] Mt. Simon SS 9 50 0 dr
Krevor et al. (2012) [12] Tuscaloosa SS 9 50 0 dr
Zuo et al. (2012) [119] Mt. Simon SS 12.41 50 0 dr
Zuo et al. (2012) [119] Berea SS 12.41 50 0 dr
Akbarabadi & Piri (2013) [15] Berea SS 11 55 1.6 dr & imb
Bachu (2013) [120] Rock Creek SS 15.4 75 0.73 dr & imb
Bachu (2013) [120] Halfway SS 21.8 74 3.27 dr & imb
Bachu (2013) [120] Belloy SS 13.5 56 1.58 dr & imb
Bachu (2013) [120] Graminia SS 9.6 39 1.92 dr & imb
Bachu (2013) [120] Gilwood SS 16.8 46 4.16 dr & imb
Bachu (2013) [120] Deadwood SS 15.244 47 4.24 dr & imb
Bachu (2013) [120] Deadwood SS 23.61 65 0.53 dr & imb
Bachu (2013) [120] Deadwood SS 22.3 61 2.87 dr & imb
Bachu (2013) [120] Granite Wash SS 14.66 54 3.82 dr & imb
Kogure et al. (2013) [22] Berea SS, Tako SS 10 40 0 dr
Krause et al. (2013) [23] Berea SS 12.41 50 0 dr
Krause et al. (2013) [23] Waare C SS 12.41 63 0.1 dr
Pini & Benson (2013) [24] Berea SS 9 50 2.5 dr
Zhang et al. (2013) [25] Berea SS 10 40 0 dr
Ruprecht et al. (2014) [26] Berea SS 9 50 0 dr & imb
Manceau et al. (2015) [27] Chaunoy SS 9 28 0 dr & imb
Al-Menhali et al. (2015) [81] Berea SS 10 50 0 dr & imb
Al-Menhali et al. (2015) [81] Berea SS 10 50 3 dr & imb
∗SS - sandstone, C - carbonate
†dr - drainage, imb - imbibition
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relative permeability, we expect the magnitude of such an effect to be small, as flow at the
core-scale is dominated by capillary forces (Section 2.5) and the position of fluid interfaces will
be dominated by interfacial tension and capillary pressure.
There are two contexts in which the question of the influence of the viscosity ratio is relevant.
First, if the relative permeability is a strong function of the viscosity ratio, then it would be
important to make the measurements at conditions representative of the specific storage project
to which the relative permeability curves would be applied. Second, if at a particular storage
site the viscosity ratio changed significantly from near the injection well as compared to far
from it, then it may be necessary to include a viscosity ratio dependent relative permeability
for predicting the performance of a storage project.
The effect of viscosity ratio on relative permeability is not clear, as experimental observations
that are reported in the literature are partly contradictory. For instance, relative permeability
has been shown to be both independent of [87] or to increase with M [123–125] for experiments
with oil-water systems. In contrast, Lefebvre du Prey (1973) [126] shows that for a high vis-
cosity ratio, the relative permeability of the lower viscosity fluid is significantly reduced during
drainage. Numerous authors have proposed extensions to Darcy’s law for two-phase flow with
additional terms for viscous coupling at the interface [127–129]. However, these are not often
implemented in practice.
For the CO2-brine system, Bachu and Bennion (2008) [19] suggest that a decrease in the
viscosity ratio leads to similar changes of kr,w, Sw,irr and SCO2,r, with relative permeabilities
increasing and residual saturations decreasing (Section 2.6.2, Figure 2.11). They suggest that
as the viscosity ratio increases, the less viscous or more mobile fluid will be more able to flow
through the pore space. However, they also highlight that the individual effects of increasing
interfacial tension and decreasing viscosity ratio cannot be separated in those experiments.
2.6.2 Interfacial tension
The majority of published work investigating the effect of interfacial tension on relative per-
meability is focussed on enhanced oil recovery (EOR), where the aim is to reduce the oil-brine
interfacial tension through the injection of surfactants to the extent that the flow approximates
miscible behaviour [84]. A small but measurable increase in relative permeabilities is reported
for the oil-brine system in unconsolidated sand for interfacial tensions of 5 - 40 mN m−1 with
decreasing interfacial tension [87,130,131]. However, little or no change is seen in consolidated
media, except for very low interfacial tensions. For example, Bardon and Longeron (1980) [132]
find a linear increase in kr,o with interfacial tension decreasing from 12.6 to 0.065 mN m
−1 for
the gas-oil system; but for interfacial tensions < 0.04 mN m−1 the effect is much larger, causing
the relative permeability curves to straighten and residual saturations to tend to zero. Amae-
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fule and Handy (1982) [133] report similar trends for both relative permeability and residual
saturation at low interfacial tension (10−1 mN m−1 or less), while no changes have been ob-
served for > 1 mN m−1. Similarly, Fulcher et al. (1985) [134] find a significant increase in
relative permeabilities for interfacial tensions below 2 mN m−1 and no change above 5.5 mN
m−1. Oak (1990) [29] found no changed in relative permeability using water-gas, gas-oil and
oil-water fluid pairs in a single rock core (Figure 2.10).
Figure 2.10: Drainage relative permeability curves measured on a single rock core for water-gas,
oil-gas and water-oil fluid pairs by Oak (1990) [29].
Interfacial tensions for the CO2-brine system range from 25 to 50 mN m
−1 at the conditions
for subsurface storage (Figure 2.2). As described above, observations for the oil-brine system
suggest that for these high interfacial tensions there is a negligible effect on the relative perme-
ability [29]. However, data available in the literature for the CO2-brine system, albeit limited
in number, lead to opposite conclusions. In particular, Bennion and Bachu (2008) [20] mea-
sured drainage and imbibition relative permeability curves for interfacial tensions in the range
19.8 to 56.2 mN m−1 in a water-wet sandstone (Figure 2.11) and unlike the oil-brine system, a
significant increase in kr,w and kr,nw is observed for decreasing interfacial tension. Additionally,
endpoint kr,CO2 increases and Sw,irr decreases as interfacial tension decreases [17,18]. However,
the authors note that the effects of viscosity ratio and interfacial tension cannot be separated,
as mentioned previously. The discrepancy between the observations of [18] and previous studies
about the influence of interfacial tension could also potentially be explained by the low viscos-
ity ratio of the CO2-brine system (M  1). In the oil-water system the high viscosity ratio
(M ∼ 1) dominates such that changing the interfacial tension has little impact on the fluid
distribution.
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Figure 2.11: Drainage (left) and imbibition (right) relative permeability curves for the CO2-brine
system measured at σ = 20 − 56 mN m−1 in a single sandstone core from Bennion and Bachu
(2006) [17, 19].
2.6.3 Wetting
The wettability of oil reservoirs varies widely from strongly water-wet to strongly oil-wet includ-
ing reservoirs with mixed wettabilities. The wetting properties of the reservoir are considered
to exert the greatest control on the fluid flow behaviour and eventually on the amount of re-
coverable oil [135]. In a water-wet reservoir the non-wetting phase occupies the centre of the
pores and thus presents a barrier to flow of the wetting phase. This means the endpoint relative
permeability to water after imbibition will be smaller than the relative permeability to the non-
wetting phase after drainage. With respect to mixed-wet systems, the relative permeability of a
particular phase tends to decrease with increases in rock wetting to that phase [136], although
this has been disputed by Dullien (1991) [72], and will be dependent on the particular distri-
bution of wetting properties in comparison with the geometry of the pore space. Additionally,
hysteresis in the relative permeability is more prominent in the non-wetting phase and very
minor in the wetting phase, with kr,nw for imbibition being less at a given saturation [29,137].
With decreasing wettability, hysteresis will be apparent in both wetting and non-wetting phase
relative permeability curves [29]. For CO2 storage in sandstone aquifers, the reservoirs under
consideration are expected to be predominantly water-wet [71, 73, 74]. Core-flood experiments
with CO2 and brine also indicate strongly water-wet behaviour for siliciclastic rocks [12, 94]
and classic hysteresis behaviour is observed, where kr,i is greater for Si increasing rather than
decreasing [17], there is little hysteresis in kr,w and kr,w is equal to kr,nw at Sw > 0.5.
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2.6.4 Capillary number
It is straightforward to describe how fluid properties change with pressure, temperature and
salinity [2,4,9,10]. However, changing a single one of these variables will change multiple fluid
parameters, such as interfacial tension and the density and viscosity of both phases. Thus it can
be challenging to design an experiment where the individual contribution of each fluid property
can be identified. As a result, much of the analysis in the literature relates these effects to
dimensionless parameters that combine several variables. One such parameter is the capillary
number, which describes the ratio of viscous (governing flow) to capillary forces (governing
trapping) acting in the pore space (Section 2.5).
If relative permeability is independent of the flow rate, this implies that capillary forces domi-
nate the macroscopic displacement process and that the microscopic distribution of the wetting
and non-wetting phases is determined by the conditions for hydrostatic equilibrium [98]. Amae-
fule and Handy (1982) [133] , Fulcher et al. (1985) [134], and Bardon and Longeron (1980) [132]
found that in the oil-brine system, the capillary number only has an impact on the shape of
the relative permeability curves at values of Nc > 10
−6, with evidence that both interfacial
tension and viscosity [133] and alternatively, interfacial tension alone [132, 134] are the main
contributors to the change. Such high capillary number displacements are applicable to en-
hanced oil recovery processes where the aim is to reduce the interfacial tension between oil
and brine to less than 1 mN m−1, but not to CO2 sequestration, where the capillary number
will be Nc  10−5. The critical value for capillary desaturation (when the residual phase can
be removed by viscous forces) has been shown to be Nc ∼ 10−5 − 10−4 [96, 97, 138] and for
the CO2-brine system, Niu et al. (2015) [81, 139] confirm that capillary forces dominate for
Nc < 10
−6. This suggests there should be no impact on the relative permeability curves unless
the capillary number exceeds 10−6 to 10−4, depending on the topology of the pore space.
2.6.5 Rock heterogeneity
Unexpected behaviour of CO2 during field scale injections has raised questions of our un-
derstanding of the impact of reservoir heterogeneity on two-phase flow. Rogers and Grigg
(2000) [140] suggest abnormal changes in injectivity after CO2 injection may be the result of a
poor understanding of the impact of geological heterogeneity on relative permeability, especially
in reservoirs where there may be cross-flow between units. Cavanagh (2013) [141] and Cavanagh
and Nazarian (2014) [142] find that the plume shape observed at the Sleipner injection site can
only be matched using capillary flow simulations, not Darcy or viscous flow. The early break-
through of CO2 observed at the Frio pilot injection site by Hovorka et al. (2006) [93] is also
likely to be a manifestation of capillary limited, rather than viscous limited flow, under which
conditions small-scale rock heterogeneity will have a greater effect on the CO2 pathway.
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Perrin and Benson (2010) [21], Shi et al. (2011) [143], Pini et al. (2012) [80], Wei et al. (2014)
[144] and Zhang et al. (2014) [145] have demonstrated the prevalent impact that small-scale
rock heterogeneity has for CO2-brine systems through observations of the distribution of CO2
in rocks during core-flood experiments in nominally homogeneous cores. Detailed numerical
models of core-floods have shown that it is heterogeneity in the capillary pressure characteristics
of the rocks that are primarily responsible for this effect [23, 146], and that this can result
in an apparent dependence of the flow properties on reservoir conditions and fluid velocities
[112,147].
This suggests that the observed sensitivity of CO2-brine relative permeability to reservoir con-
ditions could be the manifestation of an effect that rock heterogeneity has in this system. This
also raises broader questions about the scaling that should be applied to the measurement of
flow properties in the laboratory, and the guidance for the use of these measurements in field
scale simulation. Evaluating the impact of rock heterogeneity on flow properties, including the
interplay with fluid thermophysical properties and reservoir conditions in this system, is one of
the key aims of this work.
2.7 Measuring relative permeability
Relative permeability can be measured when the flow of two immiscible fluids is ‘steady-state’,
where all macroscopic properties are spatially and temporally invariant, or ‘unsteady-state’,
where the macroscopic properties change with time [72,85,117].
During unsteady-state flow a single fluid is injected to displace another from the core, e.g. to
perform a drainage displacement non-wetting CO2 is injected into a water-saturated core and
both water and CO2 are produced at the outlet, such that saturation varies constantly until
the displacement is complete. Fluid production data, the transient pressure drop and fluid
saturation profiles are used to calculate relative permeability either analytically [148, 149] or
by history matching. The unsteady-state method is fast when compared with other methods
as no flow or pressure stabilisation are required, although, the range of saturations for which
relative permeability can be calculated is restricted to the range observed after breakthrough
of the non-wetting phase [118]. This method is also particularly sensitive to heterogeneity and
displacements where the invading fluid has a much lower viscosity, both of which can result in
early breakthrough, ahead of the main displacement front [150]. The time of breakthrough is
a key measure in the calculation of relative permeability from unsteady-state data, hence early
breakthrough can result in calculated relative permeability curves that are not representative
of the bulk sample [151].
In the steady-state method both CO2 and water are injected simultaneously into a water-
saturated core at a fixed ratio and constant total flow rate. The system is said to be at steady-
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state when there is a constant saturation along the length of the core and a constant pressure
drop in each fluid. The relative permeability at that particular saturation is then calculated
using the multiphase extension to Darcy’s law. In order to perform a drainage displacement
the injection ratio is changed in a stepwise manner from a low ratio of CO2 injection to a high
ratio, waiting for steady-state to be reached after each change. During steady-state flow the
saturation is constant at all macroscopic points in the core and thus there is no net displacement
of any one fluid by another [72]. The disadvantage of the steady-state method is that it can
be slow, particularly in complex rocks. It can take hours or even days (depending on the
injection velocity and fluid properties) to achieve steady state flow at a single injection ratio
and measurements at several injection ratios are required to create a full relative permeability
curve. However, end effects tend to be less pronounced when compared with the unsteady-state
method.
Flow in the reservoir will almost always occur under unsteady state conditions, except where
there is a very strong pressure support or in the near well-bore region. However, the majority
of recent measurements of relative permeability in the CO2-brine system have been made using
the steady-state method (see Table 2.3). Although either method can be used successfully, the
results of steady-state experiments are simpler to interpret with regards to the unfavourable
viscosity ratio of the CO2-brine system and if there is heterogeneity in the core. One of the
main aims of this work is to investigate the influence on heterogeneity on relative permeability
and it is also of vital importance to be able to compare our relative permeability measurements
with other studies. Consequently, we used the steady-state method for all the measurements
of relative permeability presented in the following chapters.
2.8 Pore-scale flow mechanisms
The pore-scale processes characteristic of drainage and imbibition are known respectively as
‘Haines jumps’ and ‘snap-off’. Pore filling events, or Haines jumps, are characterised by the
movement of the non-wetting phase from a narrow pore throat into a pore body, causing a
drop in capillary pressure of the non-wetting phase [152]. The analogous imbibition process is
referred to as snap-off [153], and occurs when two wetting layers in a narrow constriction or
pore throat swell such that they touch and coalesce, disconnecting the non-wetting phase on
either side of the throat (Figure 2.12). We refer to isolated volumes of CO2 that are separated
from the main connected pathway as ganglia.
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Figure 2.12: Schematic of a Haines jump (A to B) and snap-off (B to C) taken from Andrew et al.
(2015) [30].
2.9 Description of non-wetting phase connectivity
The connectivity of the non-wetting phase can be described by the Euler number [154],
χ = β0 − β1 + β2, (2.20)
where β0 is the number of non-wetting phase ganglia, β1 is the number of redundant loops
or connections through pore throats inside an individual ganglion (e.g. the figure eight, 8,
contains two redundant loops), and β2 is the number of isolated volumes of wetting phase
inside an individual non-wetting phase ganglion. In the CO2-brine-sandstone system, brine is
the strongly wetting phase, so β2 = 0 [46, 155]. A single, multiply connected CO2 ganglion
would have β0 = 1 and β1  1. Thus, the more connected the non-wetting phase, the more
negative the Euler number. A positive Euler number (χ > 0) indicates the non-wetting phase
is predominantly disconnected. The non-wetting phase saturation at which χ = 0 is equivalent
to the saturation percolation threshold for non-wetting phase flow [156,157].
2.10 Developments in pore-scale imaging
Conceptual models have been used to derive the original form of Darcy’s law and to justify the
multiphase extension (Equation 2.6) and the description of multiphase flow presented in Section
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2.3 [85]. The most common being that the fluid phases flow in separate pore networks with
stable interfaces, such that the flow of a given phase resembles that of single phase flow through
the pore space albeit with a reduced number of flow pathways [72,158]. Many observations have
shown that this model may not accurately represent the physical flow processes at the pore-
scale, as there may be a significant component of disconnected non-wetting phase flow [31,159]
(Figure 2.13).
Figure 2.13: Images of ganglion dynamics and connected pathway flow in micromodels, modified from
Avraam and Payatakes (1995) [31].
One of the first visual investigations of immiscible two-phase flow comes from Chatenever and
Calhoun (1952) [160]. They co-inject two fluids into a bead pack and observe several types
of flow behaviour: ‘channel’ flow, where both fluids flow through their own network of stable
pathways; and ‘slug’ flow, where the non-wetting phase is transported as discrete ganglia inside
a continuous network of the wetting phase.
Direct observation in micromodels supports these observations [13], where separate channels
carry the wetting and non-wetting phases (although there is always a wetting layer around the
non-wetting phase channels [161]). Increasing the saturation means increasing the number of
channels or pathways of one fluid and decreasing the other with the non-wetting phase generally
occupying the large pores and the wetting phase the small pores. Again, the pathways are
characterised as being very stable [72,91].
As the capillary number of the displacement is increased, the flow behaviour of the non-wetting
phase has been observed to change from stable pathways to transport as discrete ganglia within
the connected non-wetting phase in 2D micromodels [31] and shallow 3D bead packs [162].
There have been only two observation of two-phase co-injection in a porous medium with a
pore structure close to that of real rocks [46,163].
Pore-scale imaging is now routinely employed using X-ray microtomography in both µ-CT
scanners and synchrotron beamlines [164–166]. The advantage of using µ-CT over more con-
ventional medical CT is that a high spatial resolution of down to 1 µm can be achieved, allowing
the pore space to be imaged directly. This has allowed observations of residual trapping [104]
and wetting behaviour [167] in real rocks samples at reservoir conditions. Measurements of
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interfacial area can now be made easily, opening up the possibility of including this as a state
variable in Darcy scale (macroscopic) descriptions of flow [168,169].
Fast synchrotron tomography has the added advantage of a high temporal resolution, where
the polychromatic beam of the synchrotron provides an X-ray beam that is orders of magnitude
more intense than bench-top µ-CT and as a result images can be obtained in under 60 seconds
compared with 30 minutes or more in µ-CT. Dynamic pore-scale processes such as Haines
jumps [164], capillary pressure changes during reservoir condition CO2-brine drainage [30] and
reactive transport processes such as wormhole formation in complex carbonates [170] have now
been imaged. Although at state-of-art synchrotron beamlines this acquisition time has been
reduced to < 10 s, this is still well above the microsecond timescale at which flow processes such
as Haines jumps are known to occur [164]. Novel methods of analysing the 2D radiographs that
are used to reconstruct 3D images now allow information on flow dynamics at the millisecond
time resolution to be obtained [171].
These recent advances have allowed new pore-scale processes to be identified. For instance,
Pak et al. (2015) [172] observed ‘droplet fragmentation’, where a single residually trapped
oil ganglion can be fragmented into hundreds of smaller droplets during the high capillary
number injection of brine. Ru¨cker et al. (2015) [173] found interface oscillations caused by
snap-off events during capillary desaturation can result in coalescence between adjacent ganglia.
Conversely, Andrew et al. (2015) [30] showed that the reduction in capillary pressure inside a
CO2 ganglion caused by a Haines jump can result in interface recessions away from the location
of the Haines jump. This can create snap-off in throats that are distal from the pore being
invaded, where the locations of dynamic snap-off events are controlled by the pore topology
and throat radius and the local fluid arrangement.
We employ the imaging techniques developed in these papers to present the first images of
steady-state co-injection in a rock at reservoir conditions using fast synchrotron tomography in
Chapter 6.
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Chapter 3
Experimental Methods
In this chapter we describe the flow rig design and experimental methods for the core-scale
experiments performed in Chapters 4 and 5 in Section 3.1 and the pore-scale experiments of
Chapter 6 in Section 3.2.
3.1 Core-scale experiments
All core-scale relative permeability and residual trapping Experiments 1-43 (Tables 1-2) were
performed in a single, purpose-built, high pressure high temperature flow rig at Imperial College
London. In Sections 3.1.1 - 3.1.5 the flow rig, experimental set-up and use of the medical X-ray
CT scanner to measure fluid saturation are described. The procedure for measuring relative
permeability and a discussion of how to plan a steady-state core-flood and improve the choice
of fractional flows is given in Sections 3.1.6 and 3.1.7. Common problems that can affect a
core-flood and their avoidance are discussed in Section 3.1.8 and the procedure for measuring
residual trapping curves is given in Section 3.1.9.
3.1.1 Flow rig
Core-floods were conducted in a high pressure, high temperature, purpose-built closed flow
rig (Figure 3.1). The flow rig was constructed specifically for the experiments described in
Chapters 4 and 5, following a similar design to that used by Krevor et al. (2012) [12], and
optimised to perform steady-state relative permeability measurements with the corrosive CO2-
brine fluid system at pressures of 8-25 MPa, temperatures up to 90◦C, all while maintaining CO2
and brine in chemical equilibrium under conditions of mutual saturation. Dual high pressure
syringe pumps for CO2 and brine (Teledyne Isco, model 500D) were used to co-inject fluids.
Automatic valve packages for each pair controlled the flow and refill of the pumps so that CO2
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and brine could continuously circulate with one pump in each pair maintaining flow and one
pump refilling. Fluids were circulated through a core holder (Phoenix Instruments, custom)
in a horizontal orientation, to a two-phase separator (Vinci Technologies, custom). From the
separator, fluids were returned to the refilling pumps via a brine return line connected to the
base of the separator or a CO2 return line connected to the top of the separator. The fluid level
in the separator could be viewed through a sapphire window. This ensured that the correct fluid
would be returned to the correct pump throughout each experiment. A back pressure syringe
pump (Teledyne Isco, model 500D) on the outlet side of the core was used to maintain the
system pressure and a confining pressure syringe pump (Teledyne Isco, model 100DX) applied
an overburden of 3-5 MPa over the experimental pressure to the core. All flow lines and pumps
were constructed from a corrosion resistant nickel-based steel alloy (HC276 Hastelloy). Pressure
was measured at the inlet and outlet face of the core using high accuracy pressure transducers
(Digiquartz Intelligent transmitter, Model 410K-HT-101, oil-filled). A bypass line was used to
circulate CO2 and brine outside the core, to ensure the fluids were mutually saturated with
respect to one another before injection. This was confirmed by monitoring the back pressure
pump volume and the fluid level in the separator. When the interface in the separator stopped
rising and the volume in the back pressure pump stopped decreasing, this indicated that no more
CO2 was dissolving into the brine and the fluids were saturated with respect to one another.
This fluid equilibration step was performed at the pressure, temperature and salinity conditions
particular to each experiment, prior to beginning each displacement, to ensure all experiments
were performed between immiscible fluid pairs (CO2-saturated brine and brine-saturated CO2)
and any change in saturation in the core was due to displacement alone. Fluid saturations were
measured using a medical X-ray CT scanner (Universal Systems HD-350) using a voltage of 120
kV, current of 225 mA and exposure time of 1 s. The core holder sat on an insulated perspex
trough inside the CT scanner, attached to an integrated sliding table (Figure 3.2). The lines
immediately at the inlet and outlet of the core holder were coiled and semi-flexible so that the
core could be moved during scanning. Scans of 1 mm thickness were taken at 3-5 mm intervals
along the length of the core, with an x− y resolution of 512 pixels or 234.4 µm.
The flow lines were heated to experimental temperature using a system of resistance heating
wires and thermocouples attached to four PID controllers and surrounded by two layers of
insulating foam. The CO2, brine and back pressure pumps were heated by circulating silicon
oil from heating baths through insulated heating jackets surrounding each pump and the two-
phase separator was housed inside an oven. The core and confining fluid was heated using a
polyimide Kapton insulated heating mat (Omega Engineering) wrapped around the outside
of the core holder and controlled via a thermocouple inserted into the confining fluid and a
PID controller. Temperature was continuously monitored at 27 positions around the flow rig to
ensure the experimental temperature was maintained throughout the experiment. Temperature
could be maintained at ±5◦C around the flow rig as a whole, and at ±2◦C or better at the
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Figure 3.1: High pressure, high temperature flow rig used for steady-state relative permeability
experiments.
Figure 3.2: Photo of the core holder positioned inside the trough in the medical X-ray CT scanner.
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locations of large fluid volumes (pumps, core and separator) and at the inlet line of the core.
Pump pressures and volumes, and the pressure drop across the core were also continuously
recorded using a data acquisition system.
The core holder was constructed from aluminium, which is transparent to X-rays, and could
accept cores with a diameter of 3.8 cm and a maximum length of 25.5 cm. The end pieces were
constructed of the same corrosion resistant nickel-steel alloy as the tubing (HC276 Hastelloy)
and were indented with concentric grooves to spread the fluids evenly over the inlet face of the
core.
The core was wrapped in a layer of heat-shrinkable teflon, nickel foil and a second teflon layer,
then inserted into a rubber and fluoropolymer elastomer Viton sleeve and placed into the core
holder (Figure 3.3). The first teflon layer filled the pore space on the surface of the core,
preventing any bypass of fluids between the core and the sleeve, while the second teflon layer
kept the nickel foil in place when inserting into the rubber sleeve. CO2 is soluble in teflon and
Viton, so the nickel foil acted as a barrier to prevent CO2 diffusing out the sides of the core
into the confining fluid. The foil layer extended over the end pieces of the core holder to ensure
the CO2 flowed into the core, not around the outside
De-ionised water was used as a confining fluid and was injected between the interior of the core
holder and the Viton sleeve. Pressure transducers were connected via a pair of lines which had
no fluid flow to minimise the fluctuation in the readings.
Figure 3.3: Schematic of X-ray transparent core holder and core wrapping for 1.5 inch diameter cores.
3.1.2 Set-up
A standard operating procedure was developed and followed before every core-flood in order to
fill and pressurise the flow rig (step-by-step procedure in Appendix A.1). Reference scans of the
core at ambient conditions of 100% air saturation and experimental pressure and temperature
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at saturations of 100% CO2 and 100% CO2-saturated brine must be taken in order to calculate
porosity and fluid saturation. Brine and CO2 must also be equilibrated so that the fluids are
totally saturated with respect to one another and the displacement during the experiments
is immiscible. Absolute permeability to CO2-saturated brine was measured to ensure there
was no change in wetting or pore structure between experiments. The procedure is outlined
below.
1. Purge ambient air from the flow rig using CO2 from the gas bottle to ensure the flow rig
is clean and dry.
2. Fill the separator and return line to the brine pumps with experimental brine and pres-
surise up to the experimental pressure by running the back pressure pump at a constant
pressure mode.
3. Position the core holder inside the scanner without connecting the flow lines and apply a
confining pressure to the core. Take a reference scan of the core at 100% air saturation.
4. Attach the core holder to the inlet and outlet lines and pressurise the core with CO2 using
the CO2 pumps set to a constant pressure mode.
5. Take a reference scan of core at 100% CO2 saturation.
6. Inject CO2 through the core, to the separator using the CO2 pumps. Around 750 ml of
CO2 must be injected for the interface between the brine and CO2 to be visible in the
sapphire window of the two-phase separator. This requires the CO2 pumps to be refilled,
pressurised and injected until empty five to ten times, depending on the density of the
CO2.
7. Fill the brine pumps with brine and pressurise up to the experimental pressure.
8. Inject the un-equilibrated brine from the brine pumps into the core to dissolve the CO2.
9. Check all the CO2 has been dissolved by taking a reference scan of core at 100% un-
equilibrated brine saturation.
10. Isolate the core and circulate CO2 and brine through the bypass line to equilibrate the
fluids at experimental pressure and temperature.
11. Once the separator level stops rising and the back pressure pump volume stops falling, the
fluids are equilibrated. Equilibration takes several hours so should ideally be performed
overnight. Inject the CO2-saturated brine into core to displace the unsaturated brine and
take a reference scan of the core at 100% equilibrated brine saturation.
12. Measure the absolute permeability of the core to brine at experimental conditions.
13. The pumps can now be set to begin the experiment. Set the brine and CO2 pumps to run
at a continuous constant flow mode, at the desired fractional flow. Set the back pressure
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pump to run at a continuous pressure mode. The back pressure pump volume will adjust
to accommodate the fluctuations in pressure caused by the CO2 and brine pumps refilling.
3.1.3 Experimental conditions
The conditions for core-scale relative permeability and residual trapping Experiments 1-43 are
given in Tables 1-2. Experiments with CO2 were performed at temperatures of 38 - 91
◦C and
pressures of 10.3 - 20.7 MPa and in all cases CO2 was in the supercritical state. Experiments
with N2 were performed at 50
◦C and 15.5 MPa under which conditions N2 was in a gaseous
state. Brine salinities ranged from 0 to 5 mol kg−1. For simplicity, only NaCl was used to
recreate reservoir brines for Experiments 19 - 43 as for all reservoirs Na+ and Cl− were the
dominant brine components.
3.1.4 Measuring absolute permeability in the flow rig
Absolute permeability to a single phase, k, is calculated using Darcy’s law (Section 2.3, equation
2.3). If gravity is negligible and the fluid density is constant, Darcy’s law can be simplified
to
q = −kA
µ
∆P
L
, (3.1)
where q is the volumetric flow rate of a single phase of viscosity µ, and ∆P is the pressure drop
over a core of length L and cross-sectional area A [72, 85]. The measurement is made at ex-
perimental pressure and temperature by flowing CO2-saturated brine through a fully saturated
core at several flow rates. For each flow rate the pressure drop across the core is measured, a
pressure correction is applied if necessary, and absolute permeability calculated using equation
3.1 at each point (Figure 3.4). The absolute permeability for the rock core is given by the
average of these points. The pressure correction and absolute permeability must be calculated
every time a core is wrapped and connected to the pressure transducers even if the core is
re-used from a previous experiment. If a second experiment is performed without removing
and the core from the core holder and with the same brine, then the absolute permeability does
not need to be recalculated. The pressure correction and absolute permeability for core-scale
Experiments 1 - 43 are given in Table 3.1.
For all experiments the confining pressure was set to 3-5 MPa above the experimental pressure,
which was sufficient to ensure there was a no flow condition around the outer edge of the core and
that all flow was parallel to the length of the core, but did not recreate the true stress state in the
reservoir where there is an additional overburden caused by the overlying rocks. This method is
widely used in routine and special core analysis although the absolute permeabilities measured
under these confining conditions are likely to overestimate the true absolute permeability under
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reservoir conditions. There is no direct relationship between compressibility and overburden
stress but generally absolute permeability decreases with increasing overburden [174]. The
effect is small in clean, consolidated sandstones but can be significant in rocks with a large clay
component [175].
Figure 3.4: Pressure correction and absolute permeability measurement for Experiment 41.
3.1.5 Measuring porosity and fluid saturation by X-ray CT
Rock porosity and CO2 saturation were measured during experiments using an X-ray CT scan-
ner. This is a commonly used and non-invasive method of obtaining fluid saturations and is
of particular use as it allows images of the fluid saturation distribution throughout the core
to be created [176–178]. Medical X-ray CT scanners measure the attenuation of a beam of
X-rays that pass through a thin volumetric slice as it is rotated around the sample. A series
of detectors arranged around the sample measure the transmitted X-ray intensity creating a
cross-sectional image in a single plane. 3D images can be created by stacking multiple cross-
sectional scans. In each voxel, the scanner measures the linear attenuation coefficient defined
by Beer’s law,
I
I0
= e−µh, (3.2)
where I0 is the incident X-ray intensity, I is the intensity after passing through a sample of
thickness h and µ is the linear attenuation coefficient. Beer’s law assumes the X-ray beam is
narrow and monochromatic and so the attenuation coefficient is only dependent on position.
CT scanners have a polychromatic beam consisting of a spectrum of X-ray energies which
means that the attenuation coefficient will be a function of position and energy. In practice,
the scanner’s computer will reconstruct images using a back propagation algorithm, assuming
the spectrum can be characterised by a particular effective energy. If this assumption is not
appropriate this can cause image artefacts. However, no artefacts were observed in the medical
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Table 3.1: Absolute permeability of cores to brine for Experiments 1-43
Experiment Core name∗ Absolute permeability†‡ Brine viscosity Pressure correction∗
[D] [mPa s] [bar]
1, 13-14 Bentheimer 1.603 ± 0.039 0.6796 0.0648
2 Bentheimer 1.933 ± 0.019 0.3140 0.0495
3 Bentheimer 1.817 ± 0.005 0.6125 0.0175
4 Bentheimer 1.923 ± 0.017 0.6088 0.0138
5, 15 Bentheimer 1.806 ± 0.014 0.6539 0.0679
6, 16 Bentheimer 1.630 ± 0.042 0.3374 0.0890
7, 17 Bentheimer 1.850 ± 0.021 1.1206 0.1228
8, 18 Bentheimer 1.935 ± 0.026 0.5499 0.0286
9 Bentheimer 1.818 ± 0.011 0.5499 0.0724
10 Bentheimer 1.855 ± 0.059 0.5499 0.0934
11 Bentheimer 1.877 ± 0.005 0.5499 0.1416
12 Bentheimer 1.720 ± 0.021 0.5499 0.1092
19-20 Bunter 2.057 ± 0.030 0.5816 0.1117
21-22, 37 Bunter 2.333 ± 0.029 0.5816 0.1282
23-24, 38 Bunter 2.213 ± 0.063 0.5816 0.1256
25-26 Ormskirk 12.929 ± 0.162 1.1980 0.1235
27-28, 39-40 Ormskirk 11.356 ± 1.083 1.1980 0.0649
29-30, 41 Captain 1.047 ± 0.015 0.4038 0.1346
31-32 Captain 1.242 ± 0.024 0.4038 0.0746
33-34 Paaratte 1.793 ± 0.003 0.4544 0.0858
35-36 Paaratte 2.066 ± 0.060 0.4544 0.1417
42-3 Paaratte 3.126 ± 0.077 0.4544 0.0708
∗All cores re-used between experiments - 5 cores used in total.
†1 D (Darcy) ≈ 10−12 m2.
‡Measured at three or more flow rates between 5 to 40 ml/min.
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CT images used in Chapters 4 and 5. After reconstruction the relative linear attenuation
coefficient of each voxel is known. These are converted to CT numbers by normalising with a
known linear attenuation coefficient, for example for water, given by,
CT = 1000
µ− µw
µw
. (3.3)
CT numbers are reported in Hounsfield units [H], where 1 H represents a 0.1% change in density
with respect to the calibration density scale. The CT scanner saves the image data in the
DICOM format (Digital Imaging and Communications in Medicine), which contains metadata,
typically the settings used for the scan, and pixel data, where each pixel is represented by a
CT number.
The linear attenuation coefficient depends on both electron density (bulk density), ρ, and atomic
number, Z, given by
µ = ρ(a+ b
Z3.8
E3.2
), (3.4)
where a is the Klein-Nishina coefficient and b is a constant [176]. At X-ray energies above 100
keV, X-rays interact mainly by Compton scattering, which is dependent on electron density,
and below 100 keV the interaction is by photoelectric absorption, dependent on effective atomic
number. When scanning at high energies, we can assume the CT number is dependent on
density alone. Thus the scanner can be used to calculate the proportion of CO2 and brine in
the pore space contained within a voxel, if the CT number is known for that voxel when the
pore space is full of CO2 and full of CO2-saturated brine.
The scanner was used to take 2D images, with x-y dimensions of 512× 512 pixels or 120× 120
mm and a thickness of 1 mm, at 3 - 5 mm intervals along the length of the core. Thus, 3D
images with a voxel size of 0.234 × 0.234 × 1 mm could then be created by stacking the 2D
images (Figure 3.5). Scans were performed at 120 kV and 225 mA, with a scan time of 1 s.
These settings produced the most consistent CT numbers and scans could be obtained quickly,
with a single set of 40 slices spaced every 5 mm being obtained in less than 90 s.
Porosity is calculated using
φ =
CTunsat − CTdry
Ibrine − Iair , (3.5)
where CTunsat is obtained from a scan of the core filled with unsaturated brine at experimental
temperature and pressure, CTdry is from a scan taken of the dry core at ambient conditions,
and Ibrine and Iair are the values obtained scanning brine and air only. We assumed Ibrine = 0
and Iair = −1000.
CO2 saturation in the core is calculated using
SCO2 =
CTexperiment − CTbrine
CTCO2 − CTbrine
, (3.6)
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Figure 3.5: Example scanning strategy of a core sample and voxel resolution.
requiring background scans of the core saturated with CO2 (CTCO2) and CO2-saturated brine
(CTbrine), both at experimental conditions, and a scan during the experiment when the pore
space contains both CO2 and CO2-saturated brine (CTexperiment). Both equations can be applied
on a voxel-by-voxel basis or to an average value for each 2D slice. The core must remain in
the same position for all reference and experimental scans to ensure any change in CT number
is due to a change in fluid saturation, not because a different part of the pore space is being
imaged (Figure 3.5, red box). An example DICOM image and CT numbers for a reference
CO2 scan, reference CO2-saturated brine scan and an experimental scan at an intermediate
saturation are shown in Figure 3.6. The DICOM images were processed, used to measure
average saturation and create maps of saturation and porosity using a custom code in Matlab
R2014b (uk.mathworks.com).
The DICOM images are subject to random noise which is evenly distributed throughout the
image. Artificially high or low CT number caused by this noise can introduce errors into the
calculation of saturation, especially when the magnitude of the noise, CTnoise, is greater than
the difference in CT number between CO2 and brine such that CTnoise > CTbrine − CTCO2 .
The signal to noise ratio can be improved by applying mean or gaussian filters to the data, but
this reduces the spatial resolution of the image. To preserve the pixel resolution and remove
noise, repeat scans can be averaged. The impact of random noise on the DICOM images can be
investigated by inspecting difference images between dry scans of the core taken under identical
conditions (Figure 3.7). The difference image between two single dry scans (Figure 3.7A) has
a mean ∆CT of -0.6 and standard deviation of 10.3 CT numbers, whereas the difference image
between pairs of dry scans that have been averaged (Figure 3.7B) has a mean ∆CT of -0.1 and
standard deviation of 5.0 CT numbers. The averaging process moves the mean ∆CT closer to
zero and reduces the standard deviation thus improving the accuracy of single pixel values of
CT number.
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Figure 3.6: Example DICOM image. CT number profiles profiles (A to D) are shown for the core
filled with brine, CO2 and at an intermediate (exp) saturation.
Figure 3.7: Comparison between difference images showing ∆CT between single and averaged dry
scans. A: Difference image between two dry scans of the core. B: Difference image between pairs of
averaged dry scans
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In order to minimise the error in calculated saturation the average of sets of three scans were
used in place of a single scan. This means that a calculation of a single steady-state saturation
required a total of 9 scans; three scans of the core at 100% CO2 saturation, three scans of
the core at 100% CO2-saturated brine saturation and three scans of the core at a steady-state
saturation. The error can be reduced further by combining more scans, but this would increase
the time required to make a single measurement of steady-state saturation and thus increase
the total experiment time. This averaging procedure meant that the 1D saturation calculation
was very accurate (Appendix A.4). Three scans were also found to give sufficient accuracy to
create voxel-by-voxel saturations maps.
A typical drainage relative permeability experiment would take a total of seven days to perform;
two days to set up and take background scans, two days to make drainage relative permeability
measurements using seven to ten steps in fractional flow, one day to make imbibition relative
permeability measurements using five to seven steps in fractional flow and two days to de-
pressurise and clean the system. Doubling the number of scans taken from three to six would
increase the total experiment time by two days and it was not practical to schedule experiments
that lasted longer than one week.
A second constraint on the scanning strategy was the heating of the X-ray tube. The imaging
of each slice causes the X-ray tube to heat up such that 100 consecutive scans would increase
the temperature to the maximum level safe level. Continuing to scan beyond this dramatically
shortens the life of the X-ray tube. Furthermore, the CT scanner does not actively cool the
X-ray tube and thus cooling from maximum tube heat to an appropriate starting tube heat
would take over 1 hour. Thus to take three full scans of a core in 1 mm increments would take
3 hours. Instead, a subset of slices with a spacing of 3-5 mm was taken such that the maximum
number of slices in a whole core scan was in the range of 40 to 50. Three sets of 40 slices could
be imaged in 30 minutes without overheating the X-ray tube.
3.1.6 Steady-state relative permeability
For steady-state core-floods we assume (1) the flow can be approximated as one-dimensional
in the direction of flow in a homogeneous medium; (2) the fluid phases are immiscible and
incompressible; (3) transport under gravity and capillary forces is negligible; and (4) the fluid
distribution at the inlet is uniform [179]. Under these conditions Equation 2.6 can be simplified
to
qi = −Akkr,i(Si)
µi
∆P
L
, (3.7)
and the relative permeability at steady-state saturation, kr,i(Si), calculated for a constant
pressure drop, ∆P [Pa], and continuous volumetric flux, qi [m
3 s−1] into a core with length,
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L [m], and cross-sectional area, A [m2]. Two-phase means all the macroscopic properties are
invariant with time such that there is no net change in the continuum scale saturation, although
this does not mean the saturation remains constant within individual pores [72].
Drainage relative permeability is measured by co-injecting CO2 and brine into a brine-saturated
core at a fixed total flow rate, qT = qCO2 + qw. The fractional flow of CO2, fCO2 = qCO2/qT , is
increased in a stepwise manner from 0 to near 1. After each change in fCO2 the fluids are allowed
to reach steady-state, i.e. when there is a constant saturation profile and a constant pressure
drop along the length of the core. The relative permeability to each fluid at the core-averaged
saturation, kr,i(Si), can then be calculated using Equation 3.7. The fCO2 is then increased,
maintaining a constant qT and the system allowed to reach steady-state again.
3.1.7 Using multiphase flow theory to choose fCO2
Steady-state core-flooding is a laborious and time consuming experimental procedure. At the
outset of a programme of core-floods, the fractional flow-saturation relationship for the core is
usually unknown, thus the selection of appropriate fractional flows is not straightforward. It
may take many hours or even days to achieve a single relative permeability measurement at
a particular fractional flow. Consequently, many workers set a somewhat arbitrary minimum
number of pore volumes of fluid that should flow through the core before relative permeability
measurements are made. While this is not unreasonable, much time and effort may be wasted
either by leaving a particular fractional flow step running longer than is required, or by making
measurements before steady-state is reached.
In order to make the task more approachable, multiphase flow theory may be used to estimate
the saturation achievable at a particular fractional flow and the time required for steady-state to
be reached. Thus the efficiency of experiments can be maximised by eliminating the ‘wait-and-
see’ aspect of core-flooding and by selecting fractional flows to measure relative permeability
over an appropriate spread of saturations.
In the following section the derivation of the Buckley-Leverett solution for 1D forced displace-
ment is reviewed and the application to planning core-floods is outlined.
3.1.7.1 Application of the Buckley-Leverett solution to core-floods
For the CO2-brine system, assuming flow occurs in one dimension and that fluids are both im-
miscible and incompressible, a mass balance may be written for each phase (i = CO2, w):
φ
∂Si
∂t
+ qT
∂fi
∂x
= 0, (3.8)
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where Sw + SCO2 = 1. Substituting the multiphase extension to Darcy’s law (Equation 2.6)
into the mass balance for the case i = CO2 gives
fCO2 =
qCO2
qT
=
λCO2
λCO2 + λw
(
1− kλw
qT
[
∂Pc
∂x
+ ∆ρgx
])
, (3.9)
where the mobility is given by λi = kr,i/µi, the capillary pressure is defined by Pc(Sw) =
PCO2 − Pw and gx is the component of gravitational acceleration in the x direction. The
contribution of viscous, capillary and gravity forces to the fractional flow of CO2 is described
by Equation 3.9, and is applicable to a steady-state core-flood between two immiscible fluids,
where the flow approximates to a one-dimensional forced displacement.
For a horizontal core-flood with sufficiently high total volumetric flow rate, the contribution
from gravity and capillary terms is negligible when compared with the viscous flow. Thus fCO2
is reduced to
fCO2 =
λCO2
λT
, (3.10)
where the total mobility is given by λT = λw + λCO2 .
The dimensionless variables xD = x/L and tD =
∫ t
0
qT/Vpdt are introduced, where x is the
distance travelled along the core, L is the length of the core and Vp is the pore volume φAL.
Equation 3.8 may now be reformulated for CO2 as a quasi-linear first order partial differential
equation, dependent only on SCO2 :
∂SCO2
∂tD
+
dfCO2
dSCO2
∂SCO2
∂xD
= 0. (3.11)
Equation 3.11 can be solved following Buckley and Leverett (1942) [180] to give
dxD
dtD
=
dfCO2
dSCO2
(3.12)
and
dSCO2
dtD
= 0. (3.13)
This is the Buckley-Leverett solution for forced displacement [180]. Graphically, Equations 3.11
and 3.12 are represented by lines of constant SCO2 in xD−tD space which have a slope of gradient
dfCO2/dSCO2 . In a core-flood experiment, each fCO2 has an associated steady-state SCO2 . When
a particular fractional flow is set, the saturation at the inlet of core immediately increases to
the steady-state level. This saturation then proceeds along the length of the core at a velocity
given by the slope of the fractional flow curve. Thus the time taken to reach steady-state
can be calculated from the velocity by converting back from dimensionless parameter space
(Figure 3.8). Multiphase flow theory may be used in such a way to estimate the saturation
that should be achieved for each fractional flow and the time taken to reach steady-state at
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each step. However, this requires some a priori knowledge as to the shape of the fractional flow
curve.
Figure 3.8: Top: Relative permeability curves and corresponding fractional flow curve. Dotted
line indicates ‘first guess’ relative permeability used to predict time to reach steady-state. Bottom:
Gradient in fractional flow curve and corresponding time to reach steady-state. Cumulative time
plotted for a set of six fractional flows chosen to create a wide range of saturations to measure relative
permeability.
A Brooks-Corey type relative permeability relationship [117,181] can be used to create a ‘first
guess’ relative permeability curve (Figure 3.8, dotted lines). The Brooks-Corey curves are given
by
kr,nw = kr,nw(Sw,irr)(1− S∗w)2(1− S∗wn) (3.14)
and
kr,w = S
∗
w
m, (3.15)
where the normalised saturation is given by S∗w = (Sw − Sw,irr)/(1− Sw,irr).
If other measurements of relative permeability or some knowledge as to the wetting proper-
ties of the rock are known, first guess relative permeability curves can be created by choosing
appropriate values for n, m, Sw,irr and kr,nw(Sw,irr), and a fractional flow curve plotted using
Equation 3.10. The curves may then be used to pick fractional flows based on the desired
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saturation. As the core-flood progresses, the parameters used to generate the relative perme-
ability curves may be updated so as to improve the prediction (Figure 3.8, solid and dashed
lines).
There are two main benefits to carrying out a core-flood in this way. First, fractional flows may
be selected to as to control the range of saturations over which relative permeability is measured.
This is of particular importance for the CO2-brine system where the extreme viscosity ratio
causes the fractional flow curve to be very steep. Second, predictions can be made as to the
time to reach steady-state for each step. When trying to achieve a high CO2 saturation in
the core, when the choice between an fCO2 of 0.9990 or 0.9998 can make difference between
achieving an SCO2 of 0.65 in a few hours, or 0.75 in a few days.
3.1.8 Outlet end effect
There can be a discontinuity in capillarity as fluids pass from the core, where there is a finite
capillary pressure, to the tubing which has zero capillary pressure [182]. This results in a
capillary pressure gradient along the length of the core, and causes the wetting fluid to be
retained at the outlet end of the core [183]. In steady-state relative permeability experiments
this type of end effect results in an underestimation of the relative permeability at a given
non-wetting phase saturation. The type of end effect and its significance is dependent on the
length of the core and the flow rate, where increasing either of these decreases the significance
of any end effect [184].
The Rapoport and Leas number [184] can be used to assess the potential impact of end effects
on a core-flood. For drainage, the Rapoport and Leas number is defined as
Nrl =
√(
φ
k
)
µnwqL
φ2kr,nw(Sw,irr)σcosθ
, (3.16)
where φ [-] is the porosity, k [m2] the absolute permeability, µnw [Pa s] the non-wetting (invad-
ing) phase viscosity, q [m s−1] the volumetric flow rate, L [m] the length of the core, kr,nw(Sw,irr)
[-] the endpoint relative permeability at irreducible water saturation, σ [N m−1] the interfacial
tension and θ the contact angle. Taking kr,nw(Sw,irr)σcosθ as 1 mN m
−1, typical for water-wet
media, end effects should not affect the displacement so long as Nrl > 3 [84]. All the core-scale
experiments presented in Chapter 4 have Nrl > 5. Saturation profiles and corrections to the
measured relative permeability are provided for the few experiments that do show end effects
(Appendixes A.2 and A.4).
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3.1.9 Residual trapping
Residual trapping is measured by exploiting the capillary end effect. During single phase
injection into a homogeneous core, capillary pressure is at a maximum at the inlet and minimum
at the outlet. If the gradient in capillary pressure is strong, this can result in a gradient in
saturation along the length of the core [139]. In steady-state core-floods this is an undesirable
effect, but can be utilised in residual trapping experiments to create a broad range of saturations
and rapidly create an initial-residual curve. Drainage is performed at a flow rate that maximises
the capillary end effect, creating a range of initial CO2 saturations. Imbibition is then performed
at a low flow rate, more representative of the flow in the reservoir until the residual saturation
is reached. Thus a single core-flood can be used to populate a region of the initial-residual
curve, rather than obtaining a single point for a flat saturation profile along the core.
The same set-up procedure and flow rig is used as for relative permeability measurements
(Sections 3.1.1 and 3.1.2). However a single drainage step and a single imbibition step are per-
formed, flowing only CO2 during drainage and only brine during imbibition, until the pressure
drop and saturation profile of the core stop changing.
Trapping is usually represented by plotting an initial-residual (IR) curve [185]. The Land
trapping coefficient, C, is found by fitting a curve to a plot of the residual saturation, SCO2,r,
versus the initial saturation (at the end of drainage, prior to imbibition), SCO2,i of the form
SCO2,r =
SCO2,i
1 + CSCO2,i
. (3.17)
Higher values of C indicate less trapping and therefore weaker hysteresis between drainage
and imbibition. For Berea sandstone multiple authors have measured C = 1.1 for the CO2-
brine and N2-water systems [12, 15, 139]. Example initial and residual saturation profiles and
corresponding Land coefficients are shown in Figure 3.9.
Figure 3.9: Example initial-residual curve and along-core saturation profiles.
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3.2 Pore-scale experiments
Pore-scale steady-state, two-phase co-injection experiments (Table 3, Experiments 44 - 50)
were performed in a purpose built high pressure high temperature single-pass flow rig (Sec-
tion 3.2.1), first constructed at Imperial College London, and then reconstructed and imaged
at the Diamond Light Source Synchrotron (Didcot, UK). Image acquisition is discussed in Sec-
tion 3.2.2 and the choice of fluids used in Section 3.2.3. The experimental procedure is detailed
in Section 3.2.4 and methods for image processing are described in Section 3.2.5.
3.2.1 Flow rig
A single syringe pump for N2 and a single syringe pump for brine (Teledyne Isco, model 500D)
were used to co-inject fluids (Figure 3.10). Brine and N2 were injected into a single line which
delivered the fluids to a core holder (Airbourne Composites and Imperial College, custom). A
back pressure syringe pump (Teledyne Isco, model 500D) on the outlet side of the core was
used to maintain the system pressure and collect the fluids once they passed through the core.
A confining syringe pump (Teledyne Isco, model 100DX) applied an overburden of 3 MPa over
the experimental pressure to the core. The pumps were constructed from a corrosion resistant
alloy (HC276 Hastelloy) and the flow lines were composed of high pressure flexible polyether
ether ketone, PEEK, tubing (Kinesis). The core and confining fluid were heated using a Kapton
insulated heating mat (Omega Engineering) wrapped around the outside of the core holder and
controlled via a thermocouple inserted into the confining fluid.
The core holder was constructed from carbon fibre. Sandstone core samples of 4 mm diameter
and 8 - 12 mm length were placed in series, wrapped in aluminium foil then placed inside a
fluoro-polymer elastomer (Viton) sleeve. The sleeve was attached to metal fittings connecting
the core to the inlet and outlet flow lines, then the thermocouple was placed against the Viton
sleeve, wrapped again in aluminium foil to keep the thermocouple in place and positioned inside
the core holder (Figure 3.10). The core holder was attached to the rotation stage in a vertical
orientation with the inlet at the top and outlet at the bottom. The tubing was arranged over
a metal support such that the co-injection line was positioned vertically above the core and
would not cause any lateral stress on the core holder during rotation (Figure 3.11a).
The dead volume of the core holder was an order of magnitude larger than the pore volume of a
single micro core. During single phase flow, this dead volume is simply filled with the injected
fluid as a continuous phase. However during two-phase flow, the dead volume may be filled with
one or both of the injected fluids, and depending on the flow rate and tubing diameter, slugs
of either fluid may sweep through the core [186], creating alternating drainage and imbibition,
rather than both fluids entering the core concurrently as a true two-phase flow. To remove the
possibility of slug flow a diffuser was placed at the inlet of the core. The diffuser was composed
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Figure 3.10: Schematic of the flow rig and core holder used for pore-scale co-injection experiments.
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of three micro cores of the same sandstone as the experimental core (Figure 3.11b), creating
a composite core 41 mm in length (diffuser length = 30 mm, experimental core length = 11
mm). Even if slugs entered the first core of the diffuser, by the time the fluids reached the final
core they should be dispersed throughout the pore space and moving together.
Figure 3.11: [a] Diamond Light Source Synchrotron. [b] Core composite containing four cores in
series; three act as a diffuser, one for experimental observations.
3.2.2 Image acquisition at the Diamond Light Source Synchrotron
For the pore-scale steady-state, two-phase flow investigations in Chapter 6 we use the poly-
chromatic light of the I13 beamline at Diamond Light Source synchrotron in Didcot, UK. The
energy of the ‘Pink Beam’ ranges from 8 to 30 KeV. The low energy X-rays were filtered out
using 2 mm of aluminium and 0.1 mm of gold. Without the filters the low energy X-rays
are absorbed by the sample as heat. The detector was composed of a 250 µm-thick CdWO4
scintillator with a 1.25× objective lens and a PCO EDGE camera [30,170].
Images were acquired using 1200 projections with exposure time of 0.02 secs. The total ac-
quisition time for each image was 43 seconds; 23 seconds to take the projections and around
20 seconds to transfer the data from camera to computer and rotate the sample back to the
starting position. The number of projections was chosen so as to optimise the resolution of the
final images without significantly increasing the acquisition time. A large number of projections
is desirable so as to provide more information for reconstruction and to increase the signal to
noise ratio of the reconstructed images. However, scan acquisition time is directly proportional
to the number of projections used. Furthermore, the processes we aimed to image are dynamic,
and fluid continues to flow during each image. Inevitably this means the resultant images are
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averages rather than snapshots, with some interfaces blurring during the scan. It is not possi-
ble to image individual jumps in interface position in any available synchrotron as this process
occurs on the sub µ-sec time scale [164]. However, the aim was to try to create snapshots of
fluid arrangements with each image, rather than averaged information, if possible.
Consecutive images were taken over 30 - 45 minutes during steady-state co-injection providing
datasets of 40 to 63 scans which could be stacked to show the step-by-step dynamic flow
processes at a particular flow rate. Images were reconstructed using a filtered back projection
algorithm [187–189]. The centres of reconstruction were found for the first and last image in
each sequence and a linear interpolation between the two was used to reconstruct each image in
order to account for any drift in sample position between consecutive images. The field of view
was 5 × 5 × 5 mm, giving a reconstructed image of ∼24003 voxels. These images underwent a
2 × 2 × 2 binning procedure to improve the signal to noise ratio and were cropped, giving a
final image size of 1246× 1264× 876 voxels with a size of 3.6 µm.
3.2.3 Fluids
Experimental fluids were chosen so as to represent the fluid properties of CO2 and brine in
a reservoir, but also to optimise the contrast between phases and reduce any experimental
artefacts. The low energy part of the Pink Beam energy spectrum could cause the core holder to
heat up. Although the beam was filtered, it is still likely that over the course of an experiment
(3 to 4 hours) there would be an appreciable increase in temperature in the core. If using
CO2 and CO2-saturated brine, this would likely result in CO2 exsolving from solution over
the duration of an experiment, creating extra bubbles of CO2 which would interfere with the
interpretation of the flow processes being imaged. N2 was used as an analogue to CO2. The
solubility of N2 in brine is around one thousandth that of CO2 in brine and thus will not be
influenced by temperature fluctuations in the apparatus [190, 191]. The density of N2 also
changes little with heating.
The experimental brine was chosen to have the greatest contrast in X-ray attenuation with
N2 as this would lead to a larger separation of the greyscale values of the two fluids in the
reconstructed images, aiding their segmentation. More details of the segmentation process are
given in Section 3.2.5. Both NaCl brine and de-ionised water have similar linear attenuation
coefficients to N2, meaning the contrast between the two is low, and thus the greyscale values
of N2 and brine in the reconstructed images would overlap. KI brine has a similar linear
attenuation coefficient to quartz, but a large contrast with N2. Thus a 25 wt% (1.5 mol
kg−1) salinity of KI brine was chosen as this resulted in the brine having a higher attenuation
factor than N2 but lower than the sandstone sample while still being a realistic reservoir brine
salinity [192].
78
3.2.4 Experimental procedure
The procedure used to set up and perform co-injection experiments was a simplified version of
the procedure used in core-scale relative permeability experiments (Sections 3.1.2 and 3.1.6).
The configuration of the flow rig was simpler and contained a much smaller fluid volume,
making the procedure easier. The experiments presented in Chapter 6 are analogous to per-
forming a relative permeability experiment at a single fractional flow and but multiple total
flow rates.
1. Clean the flow rig and pumps by flushing with N2 from the gas bottle.
2. Pressurise the N2 pump and line with N2 at experimental pressure up to the join with
the brine pump line.
3. Assemble the core holder and position vertically in the clamp.
4. Apply a confining pressure of 3 MPa and heat the core holder.
5. Position the core so a central region of the experimental core (not the diffuser cores) is in
the field of view. Take an image of the dry, heated core.
6. Attach the flow lines.
7. Fill the brine pump and inject brine through the core and towards the back pressure
pump by setting the brine pump to flow at a constant pressure.
8. Increase the pressure of the brine pump and the confining pump until the core is at the
experimental pressure and a confining pressure of 3 MPa over the experimental pressure
is applied to the core.
9. Once the core is full of brine and at the experimental pressure, set the back pressure
pump to a constant pressure and the brine pump to a constant flow (∼ 0.01 ml min−1).
10. Take an image of the core at 100% brine saturation.
11. Set the N2 pump to run at a constant flow, at a flow rate equal to the brine pump
(fN2 = 0.5).
12. Take images of the core to check for the arrival of N2 (this will depend on the length of
flow line and the flow rate used).
13. Allow several pore volumes of N2 and brine to flow through the core to ensure steady-state
flow has been reached (around 1 hour or >10 pore volumes).
14. Take consecutive images during flow (around 40 images per 30 mins).
15. Increase the flow rate of N2 and brine together, keeping fN2 = 0.5 and wait 30 minutes
for steady-state flow.
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16. Take consecutive images during flow. Repeat for several increases in flow rate or until the
back pressure pump is full.
17. Depressurise the core and empty the back pressure pump before repeating from step 1.
3.2.5 Image processing
After the initial reconstruction and binning, all image processing was performed using com-
mercial software (Avizo 9.1, www.vsg3d.com). Reconstructed images must undergo a number
of processing steps before N2 can be segmented (Figure 3.12). Firstly, the raw images are
filtered using a non-local means edge preserving filter [193, 194] to increase the signal to noise
ratio and smooth the greyscale value of the images. All experimental scans were registered to
a reference brine scan using normalised mutual information and resampled using the robust
Lanczos method [195]. This meant the voxels are aligned between all images and thus image
arithmetic operations could be performed. Histograms of the greyscale in each images were
compared to ensure the linear attenuation coefficient did not vary between scans. The resam-
pled data was then subtracted from the reference brine scan to highlight the position of N2.
These difference images were filtered using a non-local means algorithm to increase signal to
noise. The reference scan and filtered difference images were then segmented using a watershed
algorithm [196–198].
A key image processing step is the segmentation of the greyscale image into a labelled image
denoting rock grains, brine and N2. This is achieved by manually thresholding the image and
using a watershed segmentation algorithm to grow the seeds of each identified phase. Watershed
segmentation [197, 198] puts seeds at the local minima of a hypothetical three-dimensional
topography defined by the greyscale intensity of the images.
The seed values were selected manually using a 2D histogram of both the greyscale and the
greyscale gradient images [199]. Seed values were chosen in regions with a low gradient in
greyscale, where a phase could be clearly identified (e.g. point y in Figure 3.13b). The seeds
were then grown up to the maxima in greyscale intensity towards areas of high greyscale
gradient, which define the interfaces between phases. Although manual identification of seeds
is prone to operator bias, automatic thresholding techniques have been found to be inconsistent
in two-phase segmentation when dealing with multiple datasets [196,200], let alone three phase
segmentation in hundreds of separate images as is the case for the dataset in Chapter 5.
Figure 3.13 shows greyscale intensity profiles across images that have undergone different pro-
cessing steps. The experimental brine and quartz have similar greyscale values (Figure 3.13c)
so a difference image between the brine-filled sample and experimental sample was used to
segment N2 (Figure 3.13e), while a dry scan of the rock with the pore space containing only air
was used to segment the rock grains. Segmented images containing regions labelled as brine,
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Figure 3.12: Examples of the steps used to process the synchrotron data and extract volumes of N2.
A: Raw image. B: Image after undergoing non-local means filtering, registration to a dry scan and
resampling to align the registered voxels. C: Difference image created by subtracting a brine scan
from the experimental scan. D: Non-local means filtered difference image. E: Watershed segmentation
algorithm has been used to identify N2 in blue. F: Individual volumes of N2 have been labelled and
coloured separately.
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N2 and rock grains were produced by adding separate labelled images for each phase (Figure
3.13f).
Figure 3.13: Scaled greyscale profiles across x-y-z. A: Raw reconstructed image. B: Filtered image.
C: Filtered image (brine only). D: Difference image between B and C. E: Filtered difference image.
F: Segmented image.
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Chapter 4
Core-scale Relative Permeability
Experiments with Bentheimer
Sandstone
4.1 Introduction
There is now a significant body of published drainage and imbibition relative permeability
curves for the CO2-brine system in sandstones (Section 2.6). Where systematic studies have
been made, most rely on using dimensionless groups such as the capillary number (e.g. Bachu
and Bennion (2008) [19]) to investigate the response of CO2-brine relative permeability to
changing reservoir conditions. Else, measurements are made on separate cores at a single
specific reservoir condition and as a result few general conclusions about the behaviour of the
CO2-brine system have be drawn.
Past work characterising relative permeability has resulted in suggestions that the CO2-brine
system is particularly sensitive to variations in reservoir conditions, through the impacts of these
conditions on fluid and fluid-rock properties, such as interfacial tension, viscosity and wetting.
However, many unexpected field scale observations of CO2 injectivity, early breakthrough and
plume shape suggest capillary heterogeneity may be a key control.
In this chapter we explore the impact of reservoir conditions and capillary heterogeneity on the
relative permeability of the CO2-brine system. Pressure, temperature, and brine salinity have
been varied across a wide range of conditions representative of CO2 storage targets worldwide,
while performing tests in a single Bentheimer sandstone core with a simple two-layer hetero-
geneity. We measure relative permeability using the steady-state method, under conditions of
constant total flow rate or constant fractional flow in order to investigate how the balance of
capillary and viscous forces control the spatial distribution of CO2 in the core and in order to
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confirm which, if any, fluid parameters affect CO2-brine relative permeability.
4.2 Objectives
In this work we will draw on the theoretical framework outlined in Section 2.5.3 and our own
observations in a number of CO2-brine and N2-brine core-flood experiments to show that the
vast number of reported observations of relative permeability for CO2-brine systems were made
in a system far from the viscous limit where the fractional flow interpretation is valid for the
derivation of relative permeability.
We measure the intrinsic and effective relative permeability which can be defined using Effec-
tive Medium Theory (EMT) (Section 2.5.1). The intrinsic relative permeability is a measure of
the flow behaviour when the whole core acts as a single, homogeneous flow unit. The effective
relative permeability is an averaged property, where the two separate layers of the core act as
separate flow units. In this work we are interested in the change of flow properties in a single
rock core in response to altering the capillary-viscous force balance, so we define the intrinsic
and effective relative permeabilities according to whether the flow behaviour, in particular the
distribution of fluid saturations, is homogeneous or heterogeneous. Under viscous-dominated
conditions the effect of capillary heterogeneity is negligible such that the fluid flow behaviour
is equivalent to flow through a homogeneous medium. When measured in the viscous limit, the
true, intrinsic relative permeability of the rock is measured, which is invariant under chang-
ing reservoir conditions and the distribution of the non-wetting phase in the pore space is not
controlled by capillary pressure heterogeneity. Under capillary limited conditions, an effective
relative permeability is measured, which is strongly controlled by capillary pressure hetero-
geneity in the core. The effective relative permeability appears flow rate and fluid parameter
dependent through the impact of these properties on the capillary redistribution of the non-
wetting phase. Thus the measured relative permeability can be thought of as an average of the
flow behaviour through separate flow units where the flow through each is statistically homo-
geneous, but the flow through the whole core is heterogeneous. We also provide guidance as to
how to fully characterise the flow behaviour expected in a heterogeneous reservoir by perform-
ing a minimum number of relative permeability measurements which capture the impact of the
dominant heterogeneity at the relevant range of capillary number conditions.
4.3 Experimental conditions
Drainage core-floods were performed in three sets (Table 4.1): first, using CO2-brine and N2-
deionised water to investigate the impact of varying fluid properties such as interfacial tension
(IFT) and viscosity contrast between fluid pairs, while keeping the total flow rate constant
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(Experiments 1-8); second, using N2-deionised water with constant fluid properties, but varying
the total flow rate of the displacement (Experiments 8-10); third, using N2-deionised water with
constant fluid properties and varying fractional flow (Experiments 11-12); and fourth, using
CO2-deionised water with constant fluid properties and varying total flow rate and fractional
flow (Experiment 13). Imbibition core-floods were performed following five of the drainage
experiments at the same experimental conditions (Experiments 14-18 (imbibition) following
Experiments 1, 5-8 (drainage)).
Table 4.1: Drainage experiments using Bentheimer Sandstone.
Exp NW phase Flow parameter held constant Parameter controlling ∆P ∗
1-7 CO2 qT = 20 ml min
−1 µCO2
8 qT = 20 ml min
−1
9 N2 qT = 7 ml min
−1 qT
10 qT = 40 ml min
−1
11
N2
fN2 = 0.5 qT12 fN2 = 0.993
13 CO2 - qT
∗Total flow rate, qT , and non-wetting phase viscosity, µCO2 are used to control the viscous
pressure drop, ∆P , and thus the viscous-capillary force balance during a core-flood.
The conditions of Experiments 1-7 were chosen so as to represent the range of fluid properties
that may be encountered for geological storage for supercritical CO2 in a typical saline aquifer,
while being able to isolate any change due to varying an individual fluid parameter (given in
Table 4.2). Temperature and pressure conditions for the storage of supercritical CO2 (Tcrit
= 31◦C, Pcrit = 7.4 MPa), at depths of ∼0.8 to 3 km, range from 32 to 120◦C and 7.5 to 30
MPa [47]. The change in fluid properties such as viscosity and interfacial tension with pressure,
temperature and salinity in the CO2-brine system are well known [2, 4, 9]. Interfacial tension
varies from 25 to 50 mN m−1, while viscosity ratio, M = µCO2/µbrine, ranges from 0.02 to 0.2,
with most of the change coming from µCO2 [67] and density ratio D = ρCO2/ρbrine ranges from
0.2 to 0.9.
To isolate the independent impact of IFT and viscosity on relative permeability, CO2-brine
core-floods were performed with NaCl brine molalities of 0, 3 and 5 mol kg−1 at pressure
and temperature ranges of 10.3 - 20.7 MPa and 38 - 91◦C. Conditions were selected so that
pairs of experiments were performed at constant interfacial tension and/or viscosity ratio but
varying the CO2 viscosity (Figure 4.1). In general, interfacial tension between CO2 and brine
decreases with decreasing temperature and NaCl brine molality and increasing pressure, while
CO2 viscosity increases with increasing pressure and decreasing temperature. All N2-water
core-floods were performed at 15.5 MPa and 50◦C with deionised water, while holding either
total flow rate or the fractional flow of N2 constant.
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Figure 4.1: Conditions of CO2-brine core-floods. Interfacial tension is calculated for three NaCl brine
molalities and plotted as a function of pressure and temperature [9]. Bold black lines show constant
density ratio (0.22 - 0.85) and thin black lines show constant viscosity contrast (0.04 - 0.12). Numbered
dots correspond to conditions in Table 4.2.
Table 4.2: Experimental conditions and fluid parameters for CO2-brine and N2-water core-floods.
Exp NW T P Sa IFTb M D µnw
c µw
d ρnw
c ρw
e
phase [◦C] [MPa] [mol kg−1] [mN m−1] [µPa s] [µPa s] [kg/m3] [kg/m3]
1,13-14 CO2 38 20.7 0 29 0.12 1.17 81.8 679.6 856.4 1005.6
2 CO2 91 10.3 0 37 0.07 0.22 22.1 314.0 209.9 963.4
3 CO2 42 13.5 3 37 0.07 0.89 61.3 868.2 736.1 1078.7
4 CO2 65 10.5 3 41 0.04 0.27 24.3 608.8 292.0 1064.0
5,15 CO2 40 10.7 0 34 0.08 0.67 52.7 653.9 671.7 1003.5
6,16 CO2 85 13.3 0 34 0.08 0.34 27.0 337.3 329.7 968.7
7,17 CO2 41 12.1 5 41 0.05 0.63 57.9 1120.6 711.2 1132.1
8-12,18 N2 50 15.5 0 62 0.04 0.16 22.1 549.9 155.0 996.5
a NaCl brine, b [9, 203], c [6], d [2], e [7].
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4.4 Rock properties
Experiments are performed on a single Bentheimer sandstone core, 0.239 m in length (0.198
m for Experiments 1 and 9-18 after sampling for capillary pressure measurements) and 0.038
m in diameter, composed of 95% fine to medium grained sub-angular to sub-rounded quartz
with minor feldspars (4%) and clays (1%) [104] (Figure 4.2). Bentheimer sandstone is a shallow
marine sandstone from the Lower Cretaceous [204] and is an oil reservoir in the Netherlands and
Germany [205]. It has a homogeneous, blocky character with a consistent grain size distribution,
making it ideal to use as a model sandstone for core-flooding experiments.
Figure 4.2: Thin section of Bentheimer sandstone in plane (right) and cross polarised (left) light.
Absolute permeability to brine was measured in situ before each core-flood at experimental
conditions and was found to be 1.81 ± 0.11 D (Figure 4.3 and Table 3.1 in Section 3.1.4). The
CT scanner-measured porosity was 22.2 ± 1.9%.
Figure 4.3: Absolute permeability to brine or de-ionised water measured at experimental conditions,
at the beginning of each experiment.
Grain and pore size distributions were measured on 4 × 10 mm subsamples taken from the
experimental core, using a Versa XRM-500 micro X-ray CT scanner (Figure 4.4, left and centre).
The core has a unimodal pore and grain size distribution, with a modal pore diameter of 29.7
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µm. Mercury intrusion capillary pressure (Figure 4.4, right) was measured on the same micro-
cores using a Micromeritics Autopore IV 9500 Porosimeter and converted for CO2.
The experimental core had a simple two-layered heterogeneity which can be seen in the CT-
measured porosity (Figure 4.4, right inset) and is illustrated in Figure 2.7. The high perme-
ability layer has an average of 24.6 ± 0.09% porosity and a low permeability layer with a 20.8
± 0.03% porosity.
Figure 4.4: Pore size distribution, grain size distribution and capillary pressure curve measured on
micro-cores subsampled from the experimental core.
4.5 Results and Discussion
4.5.1 Drainage relative permeability at constant total flow rate us-
ing CO2 and brine
Eight drainage relative permeability curves were measured at a qT = 20 ml min
−1, seven with
CO2 and brine and one with N2 and deionised water. Pairs of CO2-brine experiments were
performed at the same interfacial tension, but different fluid viscosities and densities. The
measured relative permeability data is given in Appendix A.3.
Along-core saturation profiles were used to verify there were no significant end effects during
the experiments and the calculated relative permeability was corrected where appropriate (Ap-
pendix A.2). The error in saturation, given by the standard error in slice-averaged saturation
for three sets of scans at each fractional flow, and the error in relative permeability, given
by the standard error in the pressure drop measured during the scan time, are provided in
Appendix A.4. For the majority of data points, the error was within the data symbol.
Two types of CO2 distribution and relative permeability were observed. Under conditions with
a low non-wetting phase viscosity (Experiments 2, 4, 6 and 8, µCO2 = 22.1 to 27.0 µPa s, σ =
34 - 62 mN m−1), there was a discontinuity in saturation between the two halves of the core,
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with the higher non-wetting phase saturation in the high porosity half, and the displacement
appeared to be heterogeneous (Figure 4.5, top left). The trend of higher Snw in the high
permeability half of the core was apparent for all fractional flows for each low non-wetting
phase viscosity experiment. The relative permeability to CO2 showed significant spread at low
CO2 saturation (Figure 4.5, top right).
Under conditions with a high non-wetting phase viscosity (Experiments 1, 3, 5 and 7, µCO2
= 52.7 to 81.8 µPa s) the saturation distribution in the core was completely homogeneous
and no influence of the pore space heterogeneity of the core was observed (Figure 4.5, bottom
left). The relative permeability measured for these displacements all fell on the same set of
curves (Figure 4.5, bottom right). These experiments were also performed at a similar range
of interfacial tensions to the low viscosity displacements (σExp1,3,5,7 = 29 - 41 mN m
−1 as
compared with σExp2,4,6,8 = 34 - 62 mN m
−1 ), so it appears that interfacial tension was not
the major control on the change in relative permeability and saturation distribution. In fact,
the experiments were performed in pairs such that a low viscosity and high viscosity core flood
were performed at the same interfacial tension (Table 4.2), e.g. Experiment 2 and 3 were both
performed at 37 mN m−1 but Experiment 2 was conducted under conditions where the CO2
viscosity was lower that Experiment 3 (µCO2,Exp2 = 22.1 µPa s and µCO2,Exp3 = 61.3 µPa s).
The influence of interfacial tension is discussed further in Section 4.5.2.
Scaling groups for viscous, capillary and buoyancy forces are defined in Section 2.5 where vis-
cous forces dominate over capillary forces for Nc > 100, bouyancy forces dominate over capillary
for Nb > 10, and buoyancy dominates over viscous forces for Ng > 1. The maximum values of
capillary number, Nc, Bond number, Nb, and gravity number, Ng, for Experiments 1 - 8 are
given in Table 4.3. The experiments that show homogeneous fluid distributions and that were
performed with high non-wetting phase viscosity (Experiments 1, 3, 5 and 7) have Nc > 100
and Ng > 1 suggesting that viscous forces dominate over capillary forces but buoyancy forces
dominate over viscous forces. Similarly, the experiments that show heterogeneous fluid distri-
butions and that were performed with low non-wetting phase viscosity (Experiments 2, 4, 6
and 8) have Nc < 100 and Nb > 10. This suggests that capillary forces dominate over viscous
forces, but again buoyancy may influence the fluid distributions. In order to account for the
possible influence of gravity the core sample was rotated between experiments so that experi-
ments were performed with the boundary between the high and low permeability layers in the
core orientated parallel, perpendicular and oblique with respect to gravity. Experiments 2 - 4
were also repeated two to three times with different core orientations and the measured relative
permeabilities were found to be within the range of experimental error. This suggests the main
force balance controlling the change in flow behaviour is that between viscous and capillary
forces. Although, gravity may have some effect, particularly for the capillary dominated ex-
periments, where Ng ≈ 104. Further discussion of the continuum-scale capillary number, Nc, is
provided in Section 4.6.
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Figure 4.5: Left: Saturation maps for Experiments 1-7. The black line indicates the high permeability
half of the core. Top clockwise: Experiment 2, 4, 8 and 6. Bottom clockwise: Experiment 1, 3, 7 and
5. Right: Relative permeability curves for Experiments 1-8. Top: capillary limited effective relative
permeability (Low viscosity, µCO2 = 22.1 to 27.0 µPa s). Bottom: viscous limited intrinsic relative
permeability (High viscosity, µCO2 = 52.7 to 81.8 µPa s).
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Table 4.3: Viscous-capillary-gravity force balance for experiments varying non-wetting phase viscosity.
Experiment Capillary number, Nc Capillary number, Ca Bond number, Nb Gravity number, Ng
(continuum-scale) (pore-scale)
1 153.0 8.4× 10−7 72.4 5.1× 102
2 27.2 1.8× 10−7 286.6 1.2× 104
3 213.0 4.9× 10−7 130.5 1.9× 103
4 46.3 1.8× 10−7 264.8 1.1× 104
5 145.4 4.6× 10−7 136.3 2.1× 103
6 23.0 2.3× 10−7 264.2 8.0× 103
7 309.1 4.2× 10−7 144.5 2.5× 103
8 71.9 1.1× 10−7 190.8 1.3× 104
Thus we suggest that major difference between the two sets, as has already been alluded to, is
the non-wetting phase viscosity and the manifestation of this in the viscous pressure drive that
can be achieved during the displacement (Figure 4.6). Increasing the viscous pressure drop
while the flow dimensions and capillary heterogeneity of the core remain the same will alter the
viscous-capillary force balance towards a viscous dominated flow.
Figure 4.6: Typical viscous pressure drop, ∆P , during steady core-floods under capillary (red) and
viscous dominated (black) conditions. Experimental pressure drops for Experiment 5 and 6 with each
fractional flow step numbered.
Considering only the viscous-capillary force balance, displacements with a low non-wetting
phase viscosity occur under capillary limited conditions (Nc < 100, Figure 4.7). Capillary
dominated cross flow occurs, where water imbibes into the low permeability half of the core,
resulting in a higher non-wetting phase saturation in the high permeability side (Figure 2.8,
red line). The measured relative permeability is sensitive to the particular flow path the CO2
takes, which is controlled by capillary forces. This can be thought of as an effective rela-
tive permeability which is a function of the particular flow conditions, and is affected by the
non-wetting phase viscosity only in as far as this changes the capillary number of the displace-
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ment. This interpretation matches well with the predictions made in Section 2.5.3 and supports
the suggestion that the influence of gravity on the fluid distributions in these experiments is
negligible.
Figure 4.7: Capillary number (Nc) calculated at each fractional flow and plotted against wetting
phase viscosity for Experiments 1 - 8.
Displacements with a high non-wetting phase viscosity occur under viscous dominated condi-
tions, so the non-wetting phase invades both sides of the core evenly, despite the heterogeneity
in capillary pressure between the two (Figure 2.8, blue line). Under these conditions a constant,
intrinsic relative permeability curve is measured and no apparent dependence on other fluid
properties (such as interfacial tension) or through a change in wetting (due to changing brine
salinity from 0 to 5 mol kg−1 NaCl) is observed. This viscous limit is the assumed condition
for traditional steady-state tests. However, the relative permeability curves produced may not
be the most representative of the flow behaviour at reservoir conditions (Section 4.6).
4.5.2 The effect of interfacial tension on CO2-brine drainage relative
permeability
We can compare pairs of experiments performed at the same interfacial tension but with dif-
ferent non-wetting phase viscosity (Figure 4.8) and see that interfacial tension is not the cause
of changes in relative permeability, but rather the switch from capillary cross-flow dominated
conditions at low CO2 viscosity to viscous dominated at high CO2 viscosity.
This suggests that observations of a dependence of CO2-brine relative permeability from other
authors, is in fact a manifestation of this same effect. In particular, Bachu and Bennion
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(2008) [19] observe a decrease in relative permeability to brine and CO2 concurrent with an
increase in interfacial tension from 19.8 to 56.2 mN m−1 (Figure 2.11, Section 2.6.2). However,
this increase in interfacial tension is achieved simply by increasing the experimental pressure
from 1.4 to 20 MPa, resulting in a fourfold increase in CO2 viscosity from 16 to 75 µPa s.
It is likely that this increase is enough to change the force balance for the displacement, and
hence change the influence of capillary heterogeneity in the core. We discuss identifying the
threshold at which core a core-flood will go from being capillary to viscous dominated fully in
Section 4.6.
Figure 4.8: Relative permeability plotted for constant interfacial tension, but varying CO2 viscosity.
Grey symbols indicate characteristic viscous dominated displacements and white symbols indicate
capillary dominated displacements.
4.5.3 Drainage relative permeability varying total flow rate using
N2 and deionised water, and varying fractional flow using CO2
and deionised water
In order to confirm that the observed changes in relative permeability in Experiments 1-8
are due to the viscous-capillary force balance and not due to changes in fluid properties, we
perform further steady-state drainage experiments between N2 and deionised water and CO2
and deionised water. To rule out any impact of using CO2 as the non-wetting phase, full
drainage relative permeability curves are measured for different total flow rates (Experiments
8-10), where increasing the total flow rate will increase the viscous pressure drop in the same
way that increasing CO2 viscosity did for the CO2-brine core-floods. The transition from
capillary dominated effective relative permeability curves to viscous dominated intrinsic relative
permeability curves is further investigated by measuring point values of relative permeability
at a constant fractional flow, while varying the total flow rate with N2 and deionised water
(Experiments 11 and 12) and at variable fractional flow and variable total flow rate for CO2
and deionised water (Experiment 13). Tabulated results are given in Tables A.3 - A.5.
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We find that increasing the viscous pressure drop by increasing the total flow rate of the dis-
placement results in a change from capillary cross flow (which creates a higher non-wetting
phase saturation in the high permeability half of the core) towards a viscous dominated dis-
placement, where the non-wetting phase invades both layers equally (Figures 4.9 and 4.10).
Concurrent with this, the relative permeability curves shift towards lower water saturation and
the non-wetting phase relative permeability decreases at a given saturation (Figure 4.11).
Figure 4.9: Saturation maps for N2-water core-floods performed at constant total flow rate. From
left to right, Experiments 8, 9 and 10. The black line indicates the high permeability half of the core.
Figure 4.10: Saturation maps for Experiment 13. From left to right, qT = 3 (CL), 5 (CL) and 20
(VL) ml min−1. The black line indicates the high permeability half of the core.
Krause and Benson (2015) [112] model changes in relative permeability towards the viscous
limit using an accurate characterisation of sub-core-scale heterogeneity and find that the hetero-
geneity controls the manner in which relative permeability changes. This suggests the decrease
in non-wetting phase relative permeability towards the viscous limit observed in Figures 4.8 and
4.11 is a result of the specific heterogeneity present in the core sample, rather than a general
trend.
4.5.4 Imbibition relative permeability at constant total flow rate
using CO2-brine and N2-deionised water
Imbibition relative permeability was measured following four CO2-brine core-floods (Experi-
ments 14-17) and one N2-deionised water core-flood (Experiment 18), the conditions for which
are given in Table 4.2. The measured relative permeability is provided in Table A.6. Relative
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Figure 4.11: Left: Drainage relative permeability curves measured at constant pressure and tem-
perature, but varying total flow rate and hence viscous pressure drive using N2 and deionised water
(Experiments 9-12). Right: Relative permeability point values measured under viscous and capillary
limited conditions using CO2 and de-ionised water (Experiment 13) are compared with the character-
istic relative permeability curve measured under the same fluid conditions (Experiment 1).
permeability to the wetting phase during imbibition tracks the drainage kr,w for all experi-
ments, as is expected for a strongly water-wet system (Figure 4.12). The imbibition relative
permeability to the non-wetting phase shows different behaviour depending on the conditions of
the original drainage core-flood. For drainage core-floods performed under viscous-dominated
conditions the imbibition curve either matches the kr,nw for drainage (Figure 4.12, Experiment
15) or is initially higher than the drainage kr,nw, decreasing as Sw increases. The imbibition
relative permeability to the non-wetting phase stays close in value to the drainage kr,nw almost
until residual non-wetting phase saturations are reached (Figure 4.12, Experiments 14 and
17), displaying weak hysteresis behaviour. For drainage core-floods performed under capillary-
dominated conditions the imbibition kr,nw either tracks the drainage kr,nw briefly before drop-
ping significantly as Sw is increased (Figure 4.12, Experiment 18), or drops immediately below
the kr,nw for drainage as soon as Sw is increased (Figure 4.12, Experiment 16), showing strong
hysteresis behaviour. In all imbibition core-floods the distribution of the non-wetting phase is
homogeneous across the core, even if the distribution at the end of drainage was heterogeneous
(Figure 4.13).
Akbarabadi and Piri (2013) [15] and Ruprecht et al. (2014) [26] measured core-scale relative
permeability hysteresis under capillary dominated conditions and found a consistent form for the
non-wetting phase imbibition curve where the imbibition relative permeability partly tracked
the drainage curve before dropping dramatically with increasing wetting phase saturation.
Wardlaw (1980) [206] showed experimentally in micromodels that the strength of hysteresis in
non-wetting phase relative permeability is controlled by the ratio of pore throat diameter to pore
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body diameter in strongly wetted systems. Similarly, Jerauld and Salter (1990) [99] simulated
drainage and imbibition and found that the pore throat to pore body ratio was the greatest
influence the nature of the hysteresis. This suggests the nature of the hysteresis is controlled
by the pore space topology. This is likely to be the key difference between the observations
presented here on a Bentheimer core compared with the observations made by Akbarabadi and
Piri (2013) [15] and Ruprecht et al. (2014) [26] on a Berea sandstone core.
However, the imbibition experiments presented here are all performed in the same rock core,
so pore topology cannot be the controlling factor on the strength and character of hysteresis.
Similarly, the relative permeability characteristics described in this section are all consistent
with a strongly water-wet system, negating changes in wetting as possible mechanism for change
in the character of the imbibition curve. This leads to the hypothesis that fluid topology, and
in particular the arrangement of the non-wetting phase, is the controlling factor in this case.
The observation that the residual non-wetting phase is distributed evenly throughout the core,
even if the initial saturation at the end of drainage was heterogeneous, suggests there may be
some remobilisation of the non-wetting phase from one side of the core to the other, rather than
a simple process of snap-off which should preserve the heterogeneity in saturation distribution.
The pore-scale flow mechanism responsible for these core-scale observations will be discussed
in Section 6.5.
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Figure 4.12: Imbibition relative permeability measured under viscous and capillary limited conditions
are compared with their drainage counterparts. Grey symbols - viscous limited. White symbols -
capillary limited.
Figure 4.13: Saturation maps comparing final drainage saturation (top, Experiments 5, 6 and 8) and
final imbibition saturation (bottom, Experiments 15, 16 and 18). The black line indicates the high
permeability half of the core.
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4.6 Scaling heterogeneity in CO2-brine core-floods
The capillary number, Nc, (Equation 2.13), as defined by Virnovsky et al. (2004) [28] and
described in Section 2.6.5, can be used to characterise the viscous-capillary force balance during
the drainage displacements presented. We can use the measured core dimensions, L and H,
and the experimental viscous pressure drop, ∆P , directly, but must derive |∆Pc(fw)| from
the measured capillary pressure curve for the Bentheimer core and the observed contrast in
saturation between high and low permeability halves of the core during capillary dominated
displacements (e.g. Figure 4.5, top left).
Egermann and Lenormand (2005) [207] find that capillary pressure heterogeneity within a rock
core is better estimated by saturation profiles rather than pressure profiles. Under steady-state,
capillary dominated conditions, we can assume that the observed contrast in saturation between
the two halves of the Bentheimer core occurs due to a contrast in capillary pressure (Figure 2.8,
red line). The measured capillary pressure curve is assigned to the high permeability layer and
we assume the capillary pressure curve for the lower permeability layer takes the same form,
but is simply shifted to lower values of CO2 saturation. The shift is estimated at each steady-
state fractional flow for Experiments 2, 4 and 6 using the contrast in saturation observed in
the CT images (Figure 4.5, top left). Thus by moving each point on the capillary pressure
curve to the lower saturation observed in the images, a new capillary pressure curve for the low
permeability layer is created (Figure 4.14). The vertical difference between capillary pressure
curves at the steady-state saturation of a specified fractional flow gives the contrast in capillary
pressure, |∆Pc(fw)|. For the core used in this experimental study, the average contrast in
capillary pressure is approximately 500 Pa. This contrast is too low to be identified by tracer
testing, and as such this rock would be characterised as a homogeneous core. However, it is
clear from the data presented in this chapter that the relative permeability in the CO2-brine
system is extremely sensitive even to minor capillary pressure heterogeneity.
Capillary numbers for this dataset range from 10−1 to 103 (Figure 4.15). We define core-floods
displaying heterogeneous distributions of CO2, that are clearly influenced by the high and
low permeability sides of the core, as capillary dominated and core-floods with homogeneous
distributions of CO2 as viscous dominated. By this definition the transition occurs at around
50 - 100, but this is saturation and fractional flow dependent. The transition to the viscous
limit occurs at capillary numbers as low as 0.1 for very high non-wetting phase fractional flow
(> 0.85), however, this is still in the transition range predicted by Virnovsky et al. (2004) [28].
In order to perform a full steady-state drainage experiment under viscous dominated conditions
and measure the intrinsic relative permeability, the starting fractional flow must be at capillary
numbers greater than the upper bound for the transition.
The exact value ofNc at which the transition occurs is dependent on the particular heterogeneity
of the core sample. Given the extraordinarily low characteristic capillary pressure contrast of
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Figure 4.14: Measured and shifted capillary pressure curves for each side of the Bentheimer core.
The dashed grey box is enlarged and inset.
the core sample used in this study, we expect Nc ≈ 75 to form a minimum bound at which
steady-state intrinsic relative permeability should be measured in sandstones.
Capillary number is calculated for all CO2-brine steady-state drainage relative permeability
datasets reported in the literature, for which fractional flow data is reported [12, 15–27]. If
∆P is not reported, this is calculated from the data provided using the multiphase extension
to Darcy’s law (Equation 3.7). An average |∆Pc(fw)| is calculated from reported capillary
pressure curves, or the capillary entry pressure is used. For experiments performed on Berea
sandstone, a ∆Pc = 5000 Pa is used [80]. The majority of datasets fall below Nc = 75 (Figures
2.9 and 4.16) and all fall below Nc = 10
2. We suggest that for the majority of the core samples,
the transition to the viscous limit will occur at Nc > 10
2 and that almost all reported CO2-
brine relative permeability curves are measured in the capillary dominated regime. This can be
confirmed by CT-measured saturation where available. It is therefore unsurprising that many
authors find relative permeability to be influenced in some way by the reservoir conditions of
the experiment - in the capillary dominated regime, relative permeability will be sensitive to
flow rate and reservoir conditions.
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Figure 4.15: Water saturation, Sw vs. capillary number, Nc for CO2-brine and N2-deionised water
core-floods. The transition between capillary and viscous limited (CL to VL) is obtained empirically,
using the observed steady-state fluid distributions in the core. This occurs at Nc ≈ 75 for Sw < 0.65.
Figure 4.16: Compilation of capillary number-saturation data for drainage CO2-brine relative per-
meability core-floods [12,15–27]. Grey shading shows transition from CL to VL [28].
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4.7 Representing reservoir flow using effective and in-
trinsic relative permeability
Figure 4.17: Histogram of capillary number under which steady-state drainage relative permeability
has been measured [12,15–27]. Transition from capillary limit (CL) to viscous limit (VL) is expected
in the range 10−1 < Nc < 103 (grey bar) [28] and occurs at Nc ≈ 75 (red dashed line) for the dataset
in this study. Estimates of Nc for CO2 injection and water flood of oil and gas fields near the wellbore
(n) and in the far field (f) are explained in the text.
To provide a comparison with field scale flow behaviour, capillary numbers are estimated for
CO2 flow; oil recovery under gravity; water flood of an oil reservoir; and injection of CO2, near
wellbore and in the far field in a high permeability, clean sandstone reservoir, using H = 20
m, L = 500 m in the far field and 10 m near wellbore, ∆Pc = 5 kPa (Figure 4.17). Typical
pressure drops of 2 and 8 kPa m−1 for gas and oil respectively for gravity-driven recovery, give
Nc ≈ 0.3 to 1.3 [88]; 6 - 12 kPa m−1 for water flood recovery of a typical oil field gives Nc ≈ 25
to 50 and near wellbore, where viscous pressure drops may be five times greater, Nc ≈ 100 to
250 [96,208]; for CO2 injection into an open aquifer such as at the Sleipner site, pressure drops
are of order 0.002 - 0.2 kPa m−1 in the far field, and ≈ 1 kPa near wellbore, giving Nc ≈ 0.01
to 1.2 and Nc ≈ 4 respectively [209]; in a more compartmentalised reservoir such as the Gorgon
field, pressure drops may be in excess of 10kPa m−1, giving Nc ≈ 40 [210].
For both CO2 and hydrocarbon fluid systems, far field reservoir flow behaviour may occur
under capillary limited conditions (Figure 4.17). For CO2 storage sites in particular, there is a
wide range of capillary numbers that may be representative of the flow behaviour in a single
reservoir. Therefore, it is essential to characterise the relative permeability and flow behaviour
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under the appropriate conditions.
Traditionally, relative permeability curves are measured in the viscous limit, as this the con-
dition under which the fractional flow formulation is valid [179] (Section 3.1.7.1), and these
intrinsic relative permeability curves are then used to predict flow at the reservoir scale. Core-
scale relative permeability curves usually undergo an upscaling procedure before being used as
the input into reservoir models [115,211]. If the geological system is particularly heterogeneous,
this involves a laborious process of characterising individual strata from separate core samples,
then combining multiple laboratory-measured relative permeability curves into a single relative
permeability curve [113,114].
The importance of core-scale heterogeneity has been identified for waterflood experiments in
sandstones under water-wet and mixed-wet conditions [212, 213]. Huang et al. (1995) find
that thin, low permeability laminations govern the flow behaviour under capillary dominated
conditions and that oil remains preferentially trapped in high permeability lamina [212]. This
suggests high flow rate (viscous dominated) core-floods should not be used for measuring wa-
terflood recovery in laminated sandstones.
The recent work of Krause and Benson (2015) [112] give a detailed procedure for obtaining in-
trinsic relative permeability, i.e. in the viscous limit. But, as has been observed by Huang et al.
(1995), in order to properly represent the flow behaviour in the reservoir, the effective relative
permeability, or capillary limited, contains the most useful information. This has already been
identified as a key shortcoming of traditional core analysis techniques for the hydrocarbon-brine
system by Ringrose et al. (1993) [114]. Rabinovich et al. (2015) [214] recently developed an
upscaling procedure for CO2 injection into heterogeneous reservoirs whereby capillary pressure
curves in a fine resolution grid are upscaled in the capillary limit. They find that the relative
permeability calculated from the upscaled capillary pressure curves are flow rate dependent and
suggest deriving relative permeability curves at each order of magnitude change in flow rate
expected in the reservoir.
We suggest that in order to properly characterise the flow behaviour in a reservoir, measure-
ments can and should be made on heterogeneous samples. The number of samples required will
depend on the specific geology of the reservoir - the number of rock types present, how they
are arranged and the structural variability present within a single rock type. Best practice for
special core analysis in industry often requires the most homogeneous samples to be selected
for core-floods. However, in most reservoirs the majority of the core samples will display some
heterogeneity. This suggests that measuring relative permeability on the heterogeneous sam-
ples will provide as better description of the flow behaviour in the reservoir. We emphasise
that it is not necessary to make measurements on homogeneous cores representative of each
stratal element, and that where appropriate, cores with the characteristic heterogeneity of the
reservoir can be used. Relative permeability should be measured over the range of capillary
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numbers expected from near well bore to the far field. Typically, this will mean only two or
three measurements are required to represent flow behaviour over one or two order of magni-
tude in capillary number. Normal upscaling techniques can be employed to use the measured
relative permeability in reservoir models.
4.8 Conclusions
We have performed drainage and imbibition core-floods using CO2-brine and N2-deionised water
and measured steady-state relative permeability on a single sandstone rock core in order to fully
characterise the flow behaviour of the CO2-brine system in simple heterogeneous rocks. Our
conclusions are as follows:-
1. CO2-brine relative permeability is invariant over reservoir conditions of 10.3-20.7 MPa,
38-91◦C and 0-5 mol kg−1 NaCl brine so long as relative permeability is measured in the
viscous limit.
2. Relative permeability is affected by capillary pressure heterogeneity when measured under
capillary limited conditions. The transition from capillary limited to viscous limited flow
and the impact on the effective flow functions is observed in both CO2-brine systems
and N2-brine systems by varying either the fluid viscosity or fluid flow rates. Thus the
scaling proposed by a number of authors for heterogeneous systems [28,107–109] in which
capillary pressure contrast and the experimental viscous pressure drop are compared, is
demonstrated to be correct, albeit not predictive or universal, as we see the same impact
on the flow behaviour due to increasing the non-wetting phase viscosity or the fluid flow
velocity. Capillary limited measurements of relative permeability are sensitive to flow rate
and non-wetting phase viscosity in that these parameters control the viscous pressure drop
achievable during a core-flood and hence the capillary number of the displacement.
3. Imbibition relative permeability to the non-wetting phase is dependent on the conditions
under which drainage was performed, suggesting non-wetting phase topology is a major
control on the strength and character of hysteresis.
4. We use the Nc suggested by Virnovsky et al. (2004) [28] to show that the vast number
of reported observations of relative permeability for CO2-brine systems were made in
a system far from the viscous limit for the derivation of relative permeability. Hence
any reported variance in relative permeability with reservoir conditions is the result of
making observations in a capillary limited system. This demonstrates that the reported
heterogeneity in fluid distribution within the core [21,145] is thus the expected outcome of
making observations at these conditions and that derived measures of relative permeability
were also strongly controlled by the level of capillary heterogeneity in the system [28].
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5. The particular sensitivity of the CO2-brine system to capillary heterogeneity is due to
the low value and wide range of CO2 viscosity over typical reservoir pressures and tem-
peratures. This sensitivity has been used previously as the basis for suggesting that the
wetting state of the CO2-brine system is distinct from other water-wet systems and also
uniquely sensitive to changes in interfacial tension. However, it is rather that the balance
of viscous and capillary forces in the system can be changed dramatically with relatively
small changes in experimental conditions.
6. Effective relative permeability curves may be produced directly from core-scale measure-
ments by selecting cores with the characteristic capillary heterogeneity of a target reservoir
and performing end member steady-state measurements to produce the intrinsic and min-
imum flow rate effective relative permeability curves at capillary numbers relevant to the
reservoir.
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Chapter 5
Core-scale Relative Permeability and
Residual Trapping Experiments with
Reservoir Samples
5.1 Introduction and Objectives
Relative permeability curves are a fundamental input to reservoir models, which allow predic-
tions to be made about the flow behaviour of CO2 and the storage capacity of a particular
reservoir. There have been many suggestions of potential storage sites around the UK but
there is only one CO2-brine relative permeability curve available in the literature. Smith et
al. (2012) [215] provide an example of a relative permeability measurement used for modelling
CO2 storage capacity of a hypothetical site in the Southern North Sea for the 2008 CASSEM
(CO2 Aquifer Storage Site Evaluation and Monitoring) project to assess the CCS in the UK.
The measurement was made on a sample of Sherwood Sandstone from the Cleethorpes-1 well
but no detail as to the specific experimental procedure employed in making the measurement or
the sample characteristics or fluid properties are provided. Due to the lack of relevant relative
permeability data, most modelling studies make use of CO2-brine relative permeability curves
measured on arbitrary rock samples [20]. However, a recent parameter sensitivity study finds
the major controlling parameter on CO2 injectivity is the endpoint kr,CO2 [216] which highlights
that accurate, site specific core-flood measurements are a basic requirement necessary to have
confidence in the plume migration and storage estimates provided by reservoir modelling.
The objective of this chapter is to measure drainage and imbibition relative permeability for
target or actual CO2 storage sites in the UK and globally. We use the methodology outlined in
Chapter 4, in order to fully characterise the CO2-brine flow behaviour from near well bore to
far field. This will provide the only available dataset for use in reservoir modelling and capacity
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estimates for target CO2 storage sites in the UK.
5.2 Sample selection
Three samples are selected from reservoir formations for potential CO2 storage sites around
the UK and one sample from a current pilot CO2 storage site, the CO2CRC Otway Project,
in Australia (Figure 5.1 and Table 5.1). The sample choice is discussed in the following sec-
tions.
Figure 5.1: Major onshore and offshore regional saline sandstone aquifers in the UK [32,33] including
the Bunter Sandstone, Leman Sandstone & Sherwood Sandstone Group [34–37], Captain Sandstone
[32, 38–41], Ormskirk Sandstone [42, 43] and Utsira Sandstone [44]. The Otway Sedimentary Basin,
target of Australia’s Otway CO2 pilot site, is also shown. Locations of core samples are shown by
black dots and are listed in Table 5.1.
Table 5.1: Core samples from target and current CO2 storage sites.
Formation Storage Location Well Location Well Source Sample depth
[m]
Bunter Southern North Sea onshore geothermal borehole Cleethorpes-1 BGS 1312.7-1316.1
Ormskirk East Irish Sea depleted gas field Block 110/2a Centrica 1247.9-1248.1
Captain North Sea offshore hydrocarbon borehole 14/29a-3 BGS 2997.6-3005.1
Paaratte Otway Project, Australia onshore CO2 storage site CRC-2 CSIRO 1498.5-1498.8
5.2.1 CO2 storage potential in the UK
In the wake of the 2005 IPCC Special Report on Carbon Dioxide Capture and Storage [49] which
identified CCS as a major technology for mitigating climate change, criteria were established to
aid the selection of suitable CO2 storage sites around the UK [217]. In the Southern North Sea
and East Irish Sea extensive Permo-Triassic sandstones were identified for saline aquifer storage
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[33, 35, 42, 55, 218–220]. In particular, the Bunter Sandstone Formation (Triassic Sherwood
Sandstone Group, Southern North Sea), Leman Sandstone Formation (Permian Rotliegend
Sandstone Group, Southern North Sea) and Ormskirk Sandstone Formation (Triassic Sherwood
Sandstone Group, East Irish Sea). In the Northern North Sea the Captain Sandstone Formation
[32,55,219] was identified. All four of these sandstone formations are important regional saline
aquifers and have proven sealing and storage capacity in the form of major gas fields; for
example, the South and North Morecambe fields in the Ormskirk Formation, East Irish Sea
[221–225]; Esmond, Forbes, Gordon and Hewett fields in the Bunter Formation, Southern North
Sea [226–228]; Ravenspurn, Leman and Viking fields in the Leman Formation, Southern North
Sea [229–231]; and Goldeneye, Blake, Cromarty and Captain fields in the Captain Sandstone
Formation, Northern North Sea [232]. The Leman Formation also contains two natural CO2
accumulations, the Fizzy and Oak gas fields both of which contain 50-90% CO2 [233, 234],
providing an analogue to CO2 storage. Closed structures without gas charge, which provide
structural traps for saline aquifer storage, have been identified in the Ormskirk Formation [42]
and Bunter Formation [34,35,235]. Estimates of the CO2 storage capacity of these formations
in both saline aquifers and depleted gas and oil fields in the Southern North Sea are ∼ 3.3 Gt
CO2 in the Leman Formation and up to 14.6 Gt CO2 in the Bunter Formation [35], and in the
Northern North Sea up to 1.67 Gt CO2 in the Captain Sandstone [32,40,41,219]
During the course of this PhD, two projects were awarded funding in March 2013 under the
UK Department of Energy and Climate Change (DECC) CCS Commercialisation Competition
[236]. Both projects involved capturing CO2 at a major point source and storing the CO2
in a sandstone reservoir - Shell’s Peterhead Project [237] in the depleted Goldeneye gas field
and Captain Sandstone saline aquifer and Capture Power’s White Rose Project [238] in the
Bunter Sandstone, Southern North Sea. These projects have now been cancelled after the
removal of funding from the competition in November 2015 [60, 239, 240]. However, storage in
the Captain Sandstone saline aquifer and the depleted Goldeneye gas field are the subject of a
number of modelling studies and provide an example site for many site selection methodologies
[40, 241–243]. Potential CO2 storage sites in the UK Central and Northern North Sea are
the best understood in Europe [54] but there are no published and peer-reviewed relative
permeability curves.
Consequently, three formations were selected for this study, the Bunter and Ormskirk Sand-
stones of the Sherwood Sandstone Group and the Captain Sandstones (Figure 5.1).
5.2.2 Pilot CO2 storage in Australia
The CO2CRC Otway Project is Australia’s first demonstration CO2 storage site [244], aimed
at demonstrating the safe operation of a CCS site and for testing and improving injection
strategies and field monitoring technologies [245]. Several stages of injection and monitoring
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into the Late Cretaceous Waare and Paaratte Sandstone Formations have been performed along
with field scale residual trapping tests [246–250]. core-scale relative permeability curves and
residual trapping data have been published for intervals of the Paaratte Formation that have
already been injected with CO2 [12]. A core sample from a future injection target in the
Paaratte Formation was used in this study [251] (Figure 5.1).
5.3 Rock characteristics
A basic rock characterisation was performed on all four core samples (Table 5.2). Absolute per-
meability was measured with experimental brine at experimental conditions using the method
in Section 3.1.4. Mercury intrusion capillary pressure curves and pore throat distributions were
measured using a Micromeritics Autopore IV 9500 Porosimeter and converted for CO2 (Fig-
ures 5.2 and 5.3). These distributions were used alongside CT-measured porosity maps and
porosity profiles to assess the heterogeneity of each core. Thin section photos are shown in Fig-
ure 5.4 and brief rock descriptions are provided in the following sections. All four samples are
classified as quartz arenites using the Folk classification scheme [252,253]. Grain size is assessed
following Wentworth (1922) [254] and roundness following Pettijohn et al. (2012) [255].
Table 5.2: Rock sample characteristics
Exp Rock φ Kabs L Pentry, |∆Pc| Pore throat diameter
[-] [D] [m] [Pa] [µm]
19-24, 37-8 Bunter 0.260± 0.012 2.201± 0.113 0.151 1964.4 30.1
25-28, 39-40 Ormskirk 0.271± 0.014 12.143± 0.787 0.127 1096.6 46.4
29-32, 41 Captain 0.267± 0.007 1.145± 0.098 0.235 1862.3 28.3
33-36, 42-43 Paaratte 0.280± 0.003 2.328± 0.575 0.228 2909.1 24.0
Figure 5.2: CT-measured porosity profiles and capillary pressure curves
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Figure 5.3: Pore throat size distributions. Mean pore throat diameter is estimated by fitting a
gaussian to the pore throat distribution.
5.3.1 Bunter Sandstone Formation
The Bunter core had a porosity of 0.26 and a measured absolute permeability to brine of 2.2 D.
This is a higher permeability than the core plug average from the Gordon, Esmond and Forbes
(kabs ∼ 400 mD, φ ∼ 0.2) fields but matches well with the porosity-permeability trend of mea-
sured core plugs [235]. The Bunter Formation is a medium-grained sandstone composed mainly
of sub-angular to sub-rounded quartz grains with a minor component of detrital K-feldspar,
clay and carbonate clasts (Figure 5.4). Some altered quartz and K-feldspar overgrowths are
present, as well as an intergranular cement mainly composed of dolomite [256].
5.3.2 Ormskirk Sandstone Formation
The Ormskirk core had a porosity of 0.27, which is at the upper range of plug values typical of
the South and North Morecambe field [223]. The core sample had an extremely high perme-
ability of ∼ 12 D, well in excess of the measured range of 0.0001 to > 1 D [223]. The Ormskirk
Formation is a medium-grained, mature sandstone predominantly composed of sub-rounded to
rounded quartz grains. The presence or absence of illite as a pore lining cement is a major
influence on the permeability of this formation [43,222]. However, no illite was observed in thin
section (Figure 5.4) and the particular sample used for core-floods contained only dolomite
and quartz cements. Absolute permeability was measured with a confining pressure of 5 MPa,
which does not reflect the stress state that would be present in the reservoir. It is likely that
the measured absolute permeability would be much closer to the field average if performed with
a higher confining pressure. As the main goal of these experiments is to assess the impact of
varying the viscous-capillary force balance on the interaction between fluid flow and capillary
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Figure 5.4: Thin sections of Bunter, Ormskirk, Captain and Paaratte sandstones in plane (right) and
cross-polarised (left) light.
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heterogeneity, it is only the capillary heterogeneity that needs to be preserved.
5.3.3 Captain Sandstone Formation
The Captain core has a permeability of 1.1 D and porosity of 0.27, similar to samples from
the Goldeneye field [38,257]. Much of the Captain Sandstone Formation is poorly consolidated
and in the Captain field permeabilities over 7 D are not uncommon [39,258]. However, a more
consolidated and hence lower permeability core sample was obtained due to the difficulties of
drilling core from poorly consolidated sandstone. The core is dominated by fine to medium-
grained, angular to sub-angular quartz (> 90%) with a minor feldspar component and some
authigenic clay and intergranular cements of quartz, kaolinite and calcite [257].
5.3.4 Paaratte Sandstone Formation
The Paaratte core has a porosity of 0.27 and permeability of 2.3 D similar to published plug
measurements for this formation [248, 250]. The core is composed of > 95% fine-grained, sub-
angular quartz with intergranular dolomite cement [248].
5.4 Experimental conditions
Drainage and imbibition relative permeability curves between CO2 and brine were measured
under capillary and viscous limited conditions and residual trapping experiments were per-
formed to characterise the flow and trapping behaviour for four reservoir sandstones, using the
methods described in Sections 3.1.6 and 3.1.9.
Pressure, temperature and salinity conditions were chosen so as to be representative of likely
injection sites in each formation, either by using site specific conditions or regional averages
for the formation (Table 5.3). Pressure and temperature for the Bunter core were taken from
the Hewett field and a regional average salinity for Bunter Formation reservoir brines in the
Southern North Sea was used [34,235,259]; the conditions of the South and North Morecambe
fields were used for the Ormskirk core [221, 225]; pressure and temperature for the Goldeneye
field and regional Captain Sandstone brine salinities were used for the Captain core [41,243,257];
and conditions for the Paaratte core were taken from the Otway storage site [246,250].
Two sets of drainage and imbibition relative permeability core-floods were performed on each
core; one at high flow rate, viscous limited conditions and the other at low flow rate, capillary
limited conditions. The particular flow rates selected depended on the heterogeneity in the rock
core and the absolute permeability. As all the cores had relatively little observable heterogeneity
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Table 5.3: Experimental conditions and fluid parameters for CO2-brine core-floods.
Experiment Rock T P Sa IFTb µnw
c µw
d ρnw
c ρw
e
[◦C] [MPa] [mol kg−1] [mN m−1] [µPa s] [µPa s] [kg/m3] [kg/m3]
19-24, 37-8 Bunter 53 13.1 1.0 34.7 45.9 581.6 604.4 1021.9
25-28, 39-40 Ormskirk 33 12.7 4.3 38.7 70.4 1198.0 797.6 1118.7
29-32, 41 Captain 80 18 1.0 32.9 41.1 403.8 540.1 1003.4
33-36, 42-43 Paaratte 63 12.5 0.1 34.2 32.4 454.4 437.7 989.4
a NaCl brine, b [9, 203], c [6], d [2], e [7].
in porosity (see CT-measured porosity maps in Section 5.5) and high absolute permeability (> 1
D), a flow rate of 20 ml min−1 was used for all the viscous limited experiments. However, in
practice, there will still be some control on the fluid distributions exerted by regions of high
capillarity. The capillary limited experiments were performed at flow rates of 0.2 - 4 ml min−1
(see Table 2).
5.5 Relative permeability and residual trapping results
Relative permeability and residual trapping results are presented for each core sample along
with representative saturation and porosity maps. Calculated relative permeability to brine and
CO2, and measured fluid saturations and pressure drops are provided in Appendix A.5.
5.5.1 Bunter
Two sets of viscous limited drainage and imbibition relative permeability curves and one cap-
illary limited set were performed.
The kr,CO2 and kr,w at a given saturation are higher when measured under viscous limited con-
ditions (Experiments 19 and 21) rather than capillary limited conditions (Experiment 23). This
is opposite to what was observed in the core-floods with Bentheimer sandstone in Chapter 4,
where the relative permeability was higher under capillary limited conditions (Figure 4.11).
Under high flow rates, the viscous pressure drop exerted on the core is greater, and thus more
of the pore space can be accessed. However, the orientation of heterogeneity with respect to
the fluid flow direction is also important. In the experiments with the Bentheimer core, the
layering was parallel to the flow direction. CO2 only flowed through one half of the core under
low flow rate, capillary limited conditions, bypassing half of the core, and therefore resulting
in a higher relative permeability. However, in the Bunter core, the layering is oblique to the
flow direction, creating a barrier to the flow of CO2, which is overcome under high flow rate,
viscous limited conditions.
The capillary limited drainage curves (Experiment 23) are characteristic of a water wet system,
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Figure 5.5: Relative permeability curves for Bunter Sandstone, Experiments 19-24. Initial-residual
curve for Bunter Sandstone, Experiments 37-38. White or grey symbols - drainage, black symbols -
imbibition, circles - capillary limited, squares & triangles - viscous limited.
previously discussed in Section 2.3, showing a rapid decrease in kr,w and corresponding increase
in kr,CO2 with decreasing Sw and the cross point of the curves (kr,CO2 = kr,w) occurs at Sw ≈ 0.6
(Figure 5.5). The endpoint kr,CO2 is extremely low (≈ 10−3) meaning the CO2 mobility will
be very low even at high CO2 saturations and only low CO2 injectivity will be achievable.
The capillary limited imbibition behaviour (Experiment 24) is unusual. The kr,CO2 is lower for
imbibition than for drainage, which is expected as water re-invades the pore space. This causes
snap-off in narrow pore throats, leading CO2 to become isolated and immobilised in parts of
the pore space. However, the kr,w is significantly higher for imbibition than for drainage. If
the wetting behaviour stays constant and is strongly water-wetting, there should be negligible
hysteresis in kr,w between drainage and imbibition. This suggests that there may have been
a change in the wetting character of the rock due to the interaction with supercritical CO2.
Another possibility for the unusual imbibition behaviour is mineral dissolution affecting the
pore space morphology. However, there is no significant change in absolute permeability over
the course of performing Experiments 19-24 (Table 3.1), suggesting this is not the case.
The viscous limited drainage curves (Experiments 19 and 21) also indicate a water-wet system.
However, the endpoint kr,CO2 (∼ 10−1) is reached early, with little increase in kr,CO2 between
Sw = 0.4 and the irreducible water saturation, Sw,irr ≈ 0.25. The kr,w decreases exponen-
tially with decreasing Sw and the cross point is shifted to lower water saturations (Sw ≈ 0.5)
compared with the capillary dominated core-floods. There is small shift in the viscous lim-
ited drainage kr,CO2 curves between Experiments 19 and 21 which is within the error in the
saturation measurement (Appendix A.4). Again, the viscous limited imbibition behaviour (Ex-
periments 20 and 22) is unusual, but it is the behaviour of the kr,CO2 curves that are unusual.
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The kr,w behaviour shows a lack of hysteresis typical for strongly water-wet media, with similar
relative permeability to brine measured under drainage and imbibition conditions. However,
the kr,CO2 is slightly higher for imbibition than for drainage, meaning that the CO2 mobility is
similar or greater after imbibition. This suggests there has been little loss in CO2 connectivity
during imbibition.
Figure 5.6: Saturation and porosity maps for Bunter Sandstone, Experiments 21-24.
The saturation maps (Figure 5.6) show the distribution of CO2 under capillary limited condi-
tions is strongly controlled by the capillary heterogeneity (approximated by the CT-measured
porosity) of the core, with high CO2 saturations in the thin, high porosity layers, where the
strength of cross flow between the layers is strongest. This saturation profile is maintained after
imbibition, with the highest residual CO2 saturation in the thin, high porosity parts of the core.
Under viscous limited conditions there is only a minor impact on the CO2 distribution during
drainage and no impact during imbibition, with an even distribution of CO2 in all parts of the
core.
Residual trapping experiments (Experiments 37-38) indicate a range of residually trapped CO2
saturations from SCO2 = 0.3 − 0.6 for initial CO2 saturations of SCO2 > 0.8 (Figure 5.5).
The trapping is best characterised by a Land coefficient of 1.6, which suggests the Bunter
Sandstone has favourable trapping characteristics, although less CO2 can be trapped compared
with measurements made on other high permeability sandstones with a similar heterogeneity,
such as Berea sandstone (C ≈ 1.1) [12,15,139].
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5.5.2 Ormskirk
Both the viscous limited and capillary limited drainage experiments have similarly shaped
relative permeability curves (Figure 5.7) which show an exponential increase in kr,CO2 and
exponential decrease in kr,w with decreasing Sw. The cross points for both curve are at Sw > 0.5
indicating the Ormskirk Sandstone is strongly water wet. The major difference between the
capillary and viscous limited experiments is in the CO2 saturation that can be achieved at the
end of drainage, the endpoint kr,CO2 and the range of saturations of the relative permeability
curves. The viscous limited relative permeability curves are shifted to lower water saturations
by ∼ 25% and slightly lower relative permeabilities overall, and the endpoint kr,CO2 is an order
of magnitude higher under viscous limited conditions (Experiment 25) than for capillary limited
conditions (Experiment 27), at kr,CO2 = 10
0 for Sw ≈ 0.25 compared with kr,CO2 = 10−1 at
Sw ≈ 0.7.
Comparing the viscous and capillary limited experiments, the relative permeability measured
under viscous limited conditions is significantly higher for kr,w and lower for kr,CO2 than for
capillary limited conditions. This contrasts with the results for the Bunter core, where the
relative permeability to both fluids was higher in the viscous case. The difference is likely due
to the manner and orientation of heterogeneity in the core with respect to the principal flow
direction. The saturation maps (Figure 5.8) reveal heterogeneity in porosity along the length
of the core such that the orientation of layering in the core changes by 90◦.
Figure 5.7: Relative permeability curves for Ormskirk Sandstone, Experiments 25-28. Initial-residual
curve for Ormskirk Sandstone, Experiments 39-40. White or grey symbols - drainage, black symbols
- imbibition, circles - capillary limited, triangles - viscous limited.
The hysteresis between drainage and imbibition is different for the capillary and viscous lim-
ited experiments. Under capillary dominated conditions (Experiment 28) the imbibition kr,CO2
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shows classic hysteresis behaviour, where the relative permeability drops rapidly with increasing
Sw and is orders of magnitude lower at a given saturation during imbibition. However, simi-
larly to Experiment 24 with the Bunter Sandstone, the kr,w is higher for imbibition than for
drainage. There is little hysteresis between drainage and imbibition for the viscous dominated
experiments, and Experiment 26 has a very similar shape to Experiment 25.
Figure 5.8: Saturation maps for Ormskirk sandstone, Experiments 25-28. Different slices are shown
for the viscous and capillary limited cases to illustrate the change in orientation of layering in the
core, evident from the porosity maps.
There is a wide range in residual trapping behaviour for the Ormskirk core (Figure 5.7) - the
Land trapping coefficient varies from near perfect trapping at C = 0.05 (Sresidual ≈ Sinital) to
poor trapping at C = 2.3 (Sresidual < Sinital/2). This is due to the variation in porosity along
the length of the Ormskirk core such that the average porosity decreases and the orientation of
the layering within the core changes (Figure 5.2). The distribution of CO2 varies significantly
with both of these factors (Figure 5.8) and suggests that the residual CO2 saturation achiev-
able in this formation is highly dependent on the contrast in capillarity between homogeneous
layers.
5.5.3 Captain
The shape of the drainage relative permeability curves is similar for the viscous (Experiment
29) and capillary (Experiment 31) limited experiments, indicating a strongly water-wet system.
The kr,w and kr,CO2 are shifted towards lower Sw and the kr,CO2 is also higher at low Sw under
viscous limited conditions (Figure 5.9). The endpoint kr,CO2 is nearly two orders of magnitude
larger measured under viscous limited conditions (∼ 100 for Sw ≈ 0.3 compared with ∼ 10−2
at Sw ≈ 0.6).
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Figure 5.9: Relative permeability curves for Captain sandstone, Experiments 29-32. Initial-residual
curve for Captain sandstone, Experiment 41. White or grey symbols - drainage, black symbols -
imbibition, circles - capillary limited, triangles - viscous limited.
Figure 5.10: Saturation maps for Captain Sandstone, Experiments 29-32.
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Imbibition kr,CO2 show classic hysteresis behaviour under capillary limited conditions but is
higher than the drainage kr,CO2 under viscous limited conditions and kr,w is higher for imbibition
than drainage for viscous and capillary limited experiments (30 and 32). The increase in kr,w
for imbibition may indicate a change in the wetting properties of the sample.
A single residual trapping experiment was performed (Experiment 41), for which a Land trap-
ping coefficient of C = 2.2 was obtained. This indicates the Captain core has relative poor
trapping characteristics with less than half the injected CO2 remaining as a trapped saturation.
There is a simple layered heterogeneity in porosity observable in the porosity and saturation
maps (Figure 5.10); however, overall the Captain core is relatively homogeneous, with a consis-
tent porosity profile along its length (Figure 5.2). The lack of any strong capillary contrast and
the consistent orientation of laminations parallel with the principal flow direction are likely to
be the cause of the poor residual trapping in Experiment 41.
5.5.4 Paaratte
The Paaratte core is extremely homogenous, with a constant porosity profile (Figure 5.2) and
no observable laminations or contrast in porosity (Figure 5.12). There is no obvious corre-
lation between CO2 saturation and porosity in the viscous or capillary limited experiments.
Consequently, the viscous and capillary limited relative permeability curves are very similar
(Figure 5.11) and show the same increase in kr,CO2 and decrease in kr,w with decreasing Sw.
The endpoint kr,CO2 are of the same order of magnitude at just under 10
−1 and the water sat-
uration reached at the end of drainage is very high (Sw = 0.45 for viscous limited Experiment
33 and Sw = 0.6 for capillary limited Experiment 35). The lack of capillary heterogeneity
in the core means the trapping behaviour is very consistent throughout the core but also not
very strong, with the measured trapping clustering on a curve with Land coefficient C = 1.9
(Figure 5.11).
The strength in hysteresis between drainage and imbibition is correspondingly weak under
capillary limited conditions (Experiment 36), with the kr,CO2 for imbibition closely following
the drainage curve until high water saturation Sw = 0.75. However, the kr,w is higher for
imbibition than for drainage. This is not true for the viscous limited conditions, where the
kr,w, is the same for drainage and imbibition and kr,CO2 is higher for imbibition (Experiment
34).
The change in the character of hysteresis was attributed to the particular strength and orien-
tation of capillary heterogeneity in the core for the Bunter, Ormskirk and Captain samples.
However, the Paaratte core is truly homogeneous and shows no layering of any kind. Given
that the behaviour of the kr,w curves between drainage and imbibition for Experiments 34 and
36 is different, it is unlikely that the hysteresis behaviour can be attributed to a change in
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Figure 5.11: Relative permeability curves for Paaratte Sandstone, Experiments 33-36. Initial-residual
curve for Paaratte sandstone, Experiments 42-43. White or grey symbols - drainage, black symbols -
imbibition, circles - capillary limited, triangles - viscous limited.
wetting properties. It is possible then that the different hysteresis behaviour between viscous
and capillary limited conditions is due to a change in the topology of the non-wetting phase in
the pore space. This will be discussed further in Section 6.5.
Figure 5.12: Saturation maps for Paaratte Sandstone, Experiments 33-36.
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5.6 Discussion
5.6.1 Impact of capillary heterogeneity in real reservoir samples
Experiments 19-36 indicate that all four core samples are water wet and can trap > 30% CO2.
However, the shape of the relative permeability curves and the endpoint relative permeability
to CO2 depends on the conditions under which the measurement are made. Core-floods were
performed at low flow rate, under capillary dominated conditions to measure an effective relative
permeability and at high flow rate, viscous dominated conditions to measure the intrinsic
relative permeability, following the method outlined in Sections 4.6 and 4.7. Capillary numbers
are calculated for every fractional flow of each drainage and imbibition relative permeability
core-flood using equation 2.13, where capillary pressure contrast, |∆Pc|, is estimated using the
entry pressure from each capillary pressure curve (Table 5.2) and the viscous pressure drop, ∆P ,
is given in Appendix A.5. Capillary numbers for the experiments range from Nc = 10
−1 − 102
(Figure 5.13) and the transition from capillary limited to viscous limited behaviour occurs
between 100 to 101, consistent with the transition behaviour that has been predicted for simple
sandstones [28].
Figure 5.13: Water saturation, Sw vs capillary number, Nc for drainage and imbibition core-floods
(Experiments 19-36). Red line - transition between capillary and viscous limited (CL to viscous
limited), obtained empirically using the observed steady-state fluid distributions in the core. This
occurs at Nc ≈1 - 10.
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Although we have successfully been able to observe the difference between capillary dominated
and viscous dominated displacements, the manner in which the drainage relative permeability
curves changes depends on both the magnitude of capillary heterogeneity and the orientation
with respect to the flow direction through the core. Although the aim of this chapter was to
assess the impact of capillary heterogeneity in real reservoir rocks, it is clear from the diversity in
response to changing the viscous-capillary force balance that even in the simple heterogeneous
sandstones characterised here, the REV needed to provide a continuum measure of relative
permeability is outside the size of core samples that experiments have been (and realistically can
be) performed upon. However, that is not to say that the core-scale experiments do not provide
useful information. Instead, the core-flood can be used not to measure relative permeability
at the core-scale, but to provide information that allows relative permeability to be simulated
at the core-scale. The distribution of saturations observed during capillary limited core-floods
can be used to create a core-scale map of capillary pressure. A matrix of capillary pressure
curves, rather than a matrix of absolute permeabilities, then provides the grid input on which
to simulate displacements. The benefit of this approach is that relative permeability curves can
be created quickly at many different flow rates and fluid conditions by computing the relative
permeability on a grid of capillary pressure curves, rather than measuring relative permeability
at each flow rate or fluid conditions needed to represent the change in flow behaviour from near
well-bore to far field.
5.6.2 Endpoint relative permeability
Endpoint relative permeability to CO2 has been found to be the dominant control on injectivity
and residual CO2 saturations that are ultimately achievable by sensitivity studies [216].
In almost all core-floods described in this chapter the endpoint kr,CO2 is extremely low, with
the majority staying below 10−1 at the measured residual saturation. This suggests injectivity
will be very low, even in the high permeability, relatively homogeneous reservoir formations
that have been selected for field-scale CO2 storage.
Measurements of relative permeability here and elsewhere show that reported observations
of a low endpoint relative permeability to CO2 are not a result of a weakened wetting, but
due to the limitations of the experimental apparatus used, which mean capillary pressures
approaching the endpoint cannot be obtained using the conventional steady-state protocol [12,
15,24,27]. Low measured endpoint relative permeability have also been identified as an artefact
of the low viscous pressure that is achievable in laboratory core-floods [260]. Even despite
the limitations of core-scale laboratory core-floods, it is clear that due to the unfavourable
mobility ratio and high interfacial tension between CO2 and brine, reaching true irreducible
water saturations is unlikely in the reservoir [76]. This means that low relative permeability to
CO2 will control the CO2 flow over the injection period and post-injection and consequently
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the capillary heterogeneity will continue to have a dominant effect on the distribution and
migration of CO2 throughout the lifetime of a storage project.
5.6.3 Using core-floods to obtain core-scale capillary heterogene-
ity
The saturation distributions created under capillary limited conditions provide a measure of the
capillary pressure heterogeneity in the core. Currently all core-scale techniques for measuring
capillary pressure are only able to provide a measure for the inlet face of the core [24,77,78,81].
In order to create a full core capillary pressure map, the capillary pressure can be measured
at the inlet face for a range of saturations and the resultant curve can used to populate each
voxel in a core-scale saturation map with a capillary pressure contrast by a simple scaling
procedure [261,262]. Or the saturation maps can be used as modelling inputs and an iterative
history matching procedure can be employed to create a capillary pressure curve for each
voxel [112]. The resultant capillary pressure map for the core can be used along with the
viscous limit relative permeability curve to create upscaled relative permeability curves for the
specific capillary limited conditions expected in the reservoir.
This method for calculating relative permeability from capillary pressure also provides an op-
portunity to combine pore-scale imaging with the measurement of continuum-scale properties.
If a centimetre-scale core could be imaged at a resolution sufficient to create a whole-core map
of the pore space (with a resolution of microns), direct pore-scale modelling on images of this
pore space could be used to create a whole core capillary pressure curve [263,264] independently
from the core-scale relative permeability measurements. Then, only a single relative permeabil-
ity curve in the viscous limit would need to be measured and capillary limited and upscaled
relative permeability curves calculated by numerical modelling. At present it is beyond the
capability of micro-CT scanners to image large samples, but this technology is currently in
development [265].
5.6.4 Hysteresis effects
Unusual hysteresis between drainage and imbibition is observed in this set of core-floods. Under
viscous limited conditions hysteresis is not always present in kr,CO2 and in some experiments
kr,w and kr,CO2 are higher for drainage than for imbibition. Hysteresis behaviour is usually
attributed to the particular pore space morphology, in particular the ratio between pore body
diameter and pore throat diameter which promotes or restricts snap-off [15, 26, 206], and so
changes indicate either a change in the pore space morphology or a change in the wetting
character of the rock. The behaviour observed in Experiments 19-26 cannot be attributed
solely to changes in wetting or pore structure as repeat measurements of absolute permeability
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show no systematic change between experiments that would indicate dissolution (Table 3.1).
Different hysteresis behaviour is also observed between experiments on the same core suggesting
that changes in wetting due to contact with supercritical CO2 are not the cause.
Herring et al. (2013) [155] used fast synchrotron tomography to image non-wetting phases
topology after drainage and imbibition in various porous media and found that the topology
and connectivity of the non-wetting phase after drainage has a strong effect on the amount of
trapping possible in a Bentheimer sandstone (with a pore body to throat ratio of 3.2 ± 3.3),
but no effect in bead packs (with a pore body to throat ratio of 2.2 ± 1.0). The non-wetting
phase was more connected after drainage in the Bentheimer sandstone than the bead pack and
this resulted in a much lower residual saturation where for a given capillary number, the ratio
of residual to initial non-wetting phase saturation is reduced by 60% if the non-wetting phase
is mostly connected versus mostly disconnected after drainage [45]. Thus, to maximise the
residual trapping of CO2 in sandstone reservoirs, the connectivity of CO2 after drainage should
be minimised.
Non-wetting phase topology during water flooding has been found to correlate with relative
permeability [173]. It has been observed that non-wetting phase topology has a greater effect
on residual saturation than pore size in 2D micromodels [266] and has long been suggested that
measures of topology such as interfacial area should be included in Darcy scale descriptions of
flow [168, 169]. Recent pore-scale experiments by Schluter et al. (2016) suggest non-wetting
phase connectivity (quantified through the Euler characteristic defined in Section 2.9) may be
a key variable.
We postulate that the change in relative permeability during imbibition between viscous and
capillary limited core-floods may be due to a fundamentally different arrangement of the non-
wetting phase in the pore space that is not predicted from the traditional conceptual picture
of steady-state two-phase flow. Hysteresis is usually attributed to breaking up a connected
pathway of the non-wetting phase. However, if the non-wetting phase is already disconnected
at the end of drainage, we would expect no hysteresis in the non-wetting phase relative perme-
ability. We investigate the topology and connectivity of CO2 during steady-state drainage in
Chapter 6.
5.7 Conclusions
1. There is a high degree of variability in the measured relative permeability and residual
trapping characteristics amongst seemingly homogeneous and high permeability sand-
stones due to the strong dependence of CO2 flow on the capillary heterogeneity of the
pore space. This suggests that even for simple heterogeneous sandstones, the scale at
which relative permeability can be measured in the laboratory is smaller than the REV
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of the heterogeneity. Thus we suggest that core-floods in heterogeneous sandstones can
be used to provide a measure of capillary pressure heterogeneity which is then used as an
input to core-scale simulations, rather than directly measuring the continuum property
on a single core.
2. Heterogeneous cores can be characterised using core-flood experiments if the REV which
captures the heterogeneity is smaller than the volume of the core. Then relative per-
meability can be characterised sufficiently for reservoir modelling by measuring relative
permeability under viscous and capillary limited conditions.
3. Low measured endpoint relative permeability to CO2 is due in part to the limitation of
core-scale experiments but also due to the low viscosity of CO2 and the low pressure drive
achievable. This suggests that in the reservoir the injectivity of CO2 under real reservoir
conditions will also be low and saturations close to the irreducible water saturation will
not be reached. Consequently, low relative permeability and a very strong dependence on
capillary heterogeneity will control the migration of CO2 throughout the life of a storage
project.
4. Classic hysteresis behaviour in the relative permeability to CO2 is observed in core-floods
performed under capillary dominated conditions, where the imbibition relative permeabil-
ity drops significantly with increasing water saturation. However, a lack of hysteresis in
relative permeability to CO2 in strongly water-wet sandstones in core-floods performed
under viscous dominated conditions indicates there is a change in the pore-scale arrange-
ment of CO2.
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Chapter 6
Pore-scale Co-injection Experiments
with Bentheimer Sandstone
6.1 Introduction and Objectives
There is a conceptual picture of steady-state two-phase Darcy flow in which the flow of the
wetting and non-wetting phases occurs through separate stable pathways. Muskat and Meres
(1936) [83] make the first reference to the concept of ‘flow channels’, where the flow of each phase
is represented by different static flow paths at a given saturation and thus the measurement of
relative permeability describes the flux through a flow channel with a pressure gradient. This
type of flow occurs at low capillary number, i.e. when capillary forces dominate the pore-scale
fluid arrangement.
During imbibition the non-wetting phase channel is broken into ganglia that have volumes of the
order of one pore or larger. When the balance of capillary and viscous forces is modified such
that viscous forces begin to dominate at the pore-scale, the ganglia can flow [96]. The onset of
ganglion motion is well understood and this flow behaviour has been observed during steady-
state flow in model pore spaces such as 2D micromodels or 3D bead packs with a restricted
thickness in one dimension [31,162,267–269].
Major developments in the field of micro X-ray computed tomography have meant that pore-
scale phenomena can now be observed in real rocks and at reservoir conditions (Section 2.8)
and now ganglion dynamics during the unsteady-state capillary desaturation of oil have been
observed using fast synchrotron X-ray CT [163].
New pore-scale mechanisms have also been identified. Pak et al (2015) [172] have observed
‘droplet fragmentation’, where a single residually trapped oil ganglion can be fragmented into
hundreds of small droplets within a single pore by the high capillary number injection of brine.
pore-scale observations of low capillary number flow by Andrew et al. (2015) [30] and Ru¨cker et
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al. (2015) [173] identified dynamic fluctuations of the fluid-fluid interface caused by pore-filling
or snap-off which can result in the creation or coalescence of neighbouring non-wetting phase
ganglia.
These works and others described in Section 2.8 all focus on unsteady-state flow [104, 164,
167, 171]. To our knowledge there has only been one published fast synchrotron X-ray CT
investigation of steady-state flow below the capillary desaturation threshold, by Schlu¨ter et
al. (2016) [46]. In that study, although the steady-state flow experiments were performed at
several different total flow rates, flow rate dependent behaviour is not explored.
The objective of this work is use fast synchrotron X-ray CT to investigate steady-state, two-
phase flow behaviour at low capillary numbers, well below the threshold for capillary desat-
uration, in the pore space of a real rock at reservoir conditions. By performing pore-scale
steady-state experiments on a Bentheimer sandstone sample, we can compare directly with
the core-scale steady-state relative permeability measurements made in Chapters 4 and 5. In
the core-scale work presented in the previous chapters we suggest that changing the viscous-
capillary force balance alters how capillary heterogeneity in the rock core affects where the
non-wetting phase can flow. However, observations of unusual or absent hysteresis between
drainage and imbibition in Chapter 5, suggest that as well the locations of non-wetting phase
flow changing, there may also be a fundamental change in the topology of the non-wetting
phase. By performing this complementary pore-scale investigation under the same conditions
and in the same rock sample, we can assess both the impact of capillary heterogeneity and ob-
serve the topology and connectivity of the non-wetting phase at the pore-scale. We performed
a similar experiment to the core-scale steady-state experiments, where we injected N2 and brine
at a constant fractional flow and altered the capillary-viscous force balance by increasing the
total flow rate in a stepwise manner.
The work presented in this chapter is the first pore-scale experimental investigation of macro-
scopic steady-state flow at reservoir conditions.
6.2 Experiment
To compare the observations of flow behaviour in this work with the flow regimes that have
previously been identified a suitable parameter space must be chosen. Parameters that may
influence flow behaviour and fluid topology are capillary number, viscosity ratios, flow rate
ratios, wetting properties and pore space geometries. A previous attempt at a flow regime
diagram by Avraam and Payatakes (1995) [31] was a multi-dimensional affair involving capillary
number, wetting phase relative permeability, viscosity ratio and saturation. We follow the
much simpler parameter space characterisation used by Datta et al. (2014) [162]. Two flow
regimes, connected and disconnected non-wetting phase, are identified in wetting and non-
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wetting phase capillary number space. Wetting and non-wetting phase pore-scale capillary
numbers (previously defined in Section 2.5) are given by
Caw =
vµw
σ
(6.1)
and
Canw =
vnwµnw
σ
, (6.2)
where v [m s−1] is the Darcy flow velocity, µ [Pa s] the fluid viscosity and σ [mN m−1] the
interfacial tension between the wetting and non-wetting phases. We use the abbreviation Ca
to distinguish from the continuum-scale capillary number Nc (defined by Equation 2.13) used
in Chapters 4 and 5.
We expect a transition in flow behaviour at critical wetting and non-wetting capillary numbers,
Caw,crit and Canw,crit due to the balance of viscous and capillary forces [162] where the transition
is given by
Caw
Caw,crit
+
Canw
Canw,crit
= 1. (6.3)
Caw−Canw space can be traversed by changing the fluid properties, flow rates and the porous
medium. We choose to vary only the total flow rate of the experiments, maintaining constant
fluid properties (Table 6.1) and a constant ratio of flow between the wetting and non-wetting
phases (fN2 = 0.5). Thus by simply increasing the total flow rate between consecutive experi-
ments, we increase Caw and Canw and can look for a transition in flow behaviour.
Core-floods were performed according to the method in Section 3.2 with potassium iodide (KI)
brine as the wetting phase and N2 as the non-wetting phase. The imaged rock sample had
a porosity of 0.19 and a pore volume of 0.0075 ml, calculated from images of the dry and
brine-filled rock. The imaged height was 3.1 mm and the core diameter 4.0 mm, giving a voxel
resolution of 3.6 µm.
Table 6.1: Fluid parameters
Experiment Pressure Temperature Salinity Brine viscosity∗ N2 viscosity† Interfacial Tension‡
[MPa] [◦C] [mol kg−1 KI] [µPa s] [µPa s] [mN m−1]
44-50 10 50 1.5 642.4 20.8 64
∗ [2]. † [6, 270]. ‡ [203].
6.3 Results
The co-injection experiments were performed in two sets of increasing total flow rate (Experi-
ments 44-47 and 48-50, Table 6.2), each time starting from 100% brine saturation. Brine and
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N2 were injected at equal flow rates until a steady-state saturation was established in the core
and then images were acquired over a period of 30 - 45 minutes at a rate of ∼ 1 every 43
seconds to capture the flow behaviour (Table 6.2). The first flow rate in each set (Experiments
44 and 48) was left for ∼1 hour before beginning to take images, to ensure steady-state had
been reached. After one set of consecutive images had been taken, the flow rate was increased
and fluids were left to flow for another 20-30 minutes before taking the next set of images. We
note that although the initial invasion of the non-wetting phase is a drainage process, during
steady-state flow there is no net change in saturation, and both drainage and imbibition-type
displacements may occur, competing to maintain the stead-state saturation.
We confirmed steady-state was reached using saturation profiles of the core at each time step
(Figure 6.1). If stead-state had not been achieved, we would expect the entire profile to shift
with each time step. Constant saturation profiles are observed for the majority of time steps,
although Experiments 48 and 50 show a small (∼ 5%) increase in saturation at early time in
small sections of the core profile.
Figure 6.1: Slice by slice steady-state saturation profiles for Experiments 44-50.
The images were processed using the method outlined in Section 3.2.5 using Avizo 9.1 (www.
vsg3d.com) to create 3D volumes of N2 which could be analysed to assess their volume and
connectivity. Steady-state saturation of N2 and the calculated capillary numbers for the wetting
and non-wetting phases are given in Table 6.2.
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Table 6.2: Experiment parameters
Experiment Flow rate† Caw Canw Scan time Mean SN2 τ
‡
[ml min−1] [min]
44 0.02 7.00× 10−7 2.27× 10−8 44 0.274 1.93±0.29
45 0.1 3.50× 10−6 1.13× 10−7 35 0.225 1.53±0.13
46 0.3 1.05× 10−5 3.40× 10−7 45 0.302 1.77±0.09
47 0.5 1.75× 10−5 5.66× 10−7 42 0.321 1.93±0.06
48 0.04 1.40× 10−6 4.53× 10−8 29 0.358 1.73±0.08
49 0.3 1.05× 10−5 3.40× 10−7 28 0.340 1.63±0.06
50 1.0 3.5× 10−5 1.13× 10−6 28 0.354 1.87±0.07
∗Experiments performed in two sets; 44-47 and 48-50.
†Total flow rate, qT = qnw + qw, at fN2 = 0.5.‡Fisher exponent.
The ‘axis connectivity’ module in Avizo was used to assess whether any connected pathways
of N2 existed across the imaged section of the core. Connected volumes of N2 were observed
in the low flow rate, low capillary number experiments (44 and 48). There were no connected
pathways of N2 in Experiments 45-47 and 49-50 and disconnected ganglia of N2 of various sizes
were present in all the experiments (Figure 6.3).
The ganglia populations are subdivided using the ganglion size distributions shown in Figure 6.2
to make visualising the connectivity of the ganglia easier. The classifications are given in
Table 6.3. Ganglia below 5000 voxels in volume were discounted from the analysis as these are
much smaller than the mean pore diameter and contributed < 2% of the total N2 volume. The
ganglia are split into three categories: large ganglia, which typically contain thousands of pores
and may be connected across the field of view (pink volumes, Figure 6.3); medium ganglia,
which may be connected over tens to hundreds of pores (blue volumes, Figure 6.3); and small
ganglia, which may be isolated in a single pore or be simply connected over a few pores (green
volumes, Figure 6.3).
We assume the initial invasion of the non-wetting phase at low flow rate is a percolation-
like drainage process, creating connected pathways and that the formation of ganglia is an
imbibition-like process (although the steady-state flow cannot properly be described as either
drainage or imbibition). We apply the method of Dias and Wilkinson (1986) for static, residu-
ally trapped ganglia to characterise the power law behaviour of the steady-state size distribution
of ganglia (Figure 6.2) using
Ns ∼ s−(τ−1), (6.4)
where s is the volume of a ganglion and τ is the Fisher exponent, which is a characteristic of the
cluster size distribution [271]. The binned ganglion size distribution Ns is given by [272]
Ns =
2s−1∑
s′=s
ns (6.5)
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where ns is the number of ganglia in size bin s.
The theoretical value of τ predicted by percolation theory is around τ = 2.05 in a 2D lattice
[273] and τ = 2.189 in a 3D lattice [274]. Experimental observations of the size of residually
trapped clusters in Bentheimer sandstone indicate that the value of this exponent is around
τ = 2.11 [104] and for non-wetting phase clusters during steady-state two-phase flow in bead
packs τ ≈ 2 [267]. In this work, power law behaviour was not observed for ganglia with volumes
of the order of one pore volume (small ganglia) or for large ganglia. We find the mean Fisher
exponent by fitting Equation 6.4 to the medium ganglia volumes in Figure 6.2 and find τ ranges
from 1.53 to 1.93 (Table 6.2) and shows no trend with increasing flow rate or capillary number.
The ability to fit a power law distribution to the ganglion size distribution further indicates
that the system is at steady-state.
Figure 6.2: Ganglion size distributions for Experiments 44-50. The data are coloured by normalised
time, where all the point of a single colour come from the same image, and scans progress from blue
to red from the beginning of the experiment to the end. Bounds for ganglia size classifications are
shown in grey lines. The black line is a power law fit (Equation 6.4), discussed in the text.
The total saturation throughout each experiment remains constant (Figure 6.1), however, the
proportion of that saturation contributed by the different ganglia populations changes both
with time and flow rate (Figures 6.3 and 6.4). All the experiments contain medium and small
ganglia, while the large ganglia are present only at low flow rates (Experiments 44, 45 and 48).
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Table 6.3: Classification of ganglia
Size Volume Volume Equivalent spherical radius Number of pores
[voxels] [µm3] [µm]
Small ganglion∗ 5000 2.3×105 38 0.2
Medium ganglion∗ 105 4.7×106 103 3
Large ganglion∗ 107 4.7×108 481 300
Total pore volume 1.64×108 7.7×109 1222 5000
Mean pore volume 3× 104 1.4×106 69 1
∗Lower bound on volume.
Of these large ganglia, they are only connected across the field of view, creating a ‘connected
pathway’ in Experiments 44 and 48, which have the lowest N2 flow rates. The proportion
of small ganglia increases and proportion of large ganglia decreases with increasing flow rate.
Similarly, the number of medium ganglia increases with increasing flow rate; however, the
volume the medium ganglia contribute interacts strongly with changes in the number of large
ganglia. This suggests that even at ‘steady-state’ saturation, there is a dynamic rearrangement
in the connectivity of the non-wetting phase ganglia.
Pathways of N2 that are connected across the field of view are only observed for the lowest
flow rate experiments (44 and 48), as mentioned above. The connected pathway volume varies
over time, but this does not correspond to a change in N2 saturation (Figure 6.5). At the
lowest flow rate (Experiment 44), the pathway is relatively stable and contributes ∼ 80% of the
non-wetting phase saturation (Figure 6.6). However, several large fluctuations in the connected
volume (∼ 40% change) can be seen. These do not correspond to a change in total saturation
but are the result of splitting the original connected ganglion into two separate large ganglia,
one connected and the other not (Figure 6.6, panel 2). This suggests there has simply been a
rearrangement in connectivity inside the connected volume, such that a separate large ganglion
is disconnected. This is confirmed from plots of number of ganglia over time in Figure 6.4.
In Experiment 48, performed at a higher flow rate, the connected pathway is not stable and
contributes anything between 0 and 70% of the total N2 saturation (Figure 6.7). Some of these
fluctuations are also due to splitting a single connected volume into two large ganglia, while
others result in the creation of multiple medium ganglia.
The position in the pore space of the connected pathways that are established in Experiments
44 and 48 is different (red volumes, Figures 6.6 and 6.7). This is likely to be because the total
flow rate of Experiment 48 is higher, allowing the capillary entry pressure for smaller pore
throats to be overcome. Thus the non-wetting phase has more choice in the route through
the pore space in which a single connected pathway can be established. It is interesting,
therefore, that the larger connected pathway does not remain stable, but instead breaks up and
reforms repeatedly. For both experiments, the same parts of the connected pathway repeatedly
disconnect and reconnect (e.g. Figure 6.6, panels 1 and 3) and in some cases the pathway
appears to build in volume from a main channel (e.g. Figure 6.7, panels 5 to 8).
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Figure 6.4: Saturation of small, medium and large ganglia normalised to saturation and total number
of ganglia are plotted for Experiments 44-50.
Qualitatively, the difference in pathway stability between Experiment 44 and 48 can be de-
scribed in terms of the number of disconnection events that take place between each time step.
A decrease in volume of the connected pathway requires a section to become disconnected,
while an increase requires a connection with a neighbouring ganglion to be made. Clearly,
separating a single large ganglion from the connected pathway requires fewer pore throats to
be disconnected compared with separating several medium ganglia. Thus it appears that in-
creasing the flow rate, and increasing the capillary number results in more disconnection and
reconnection events and the pathway has an increasingly dynamic connectivity.
This dynamic connectivity is also observed in experiments without connected pathways, through
the interaction between the ganglia populations (Figure 6.8). At very low (Experiment 44) or
high flow rates (Experiments 46-47 and 49-50) the proportions of small, medium and large
ganglia stay constant over time. For all experiments the volume of fluid transported through
the pore space during the acquisition of a single image is greater than the total pore volume
of the imaged core, so the positions of the ganglia in the pore space must change for the
non-wetting phase to be transported. This means the change in the number of ganglia could
be due to the transport of individual ganglia wholesale through the pore space or due to the
same dynamic connectivity behaviour seen in the connected pathways, in which connections
open briefly to create a pathway for fluid migration from one pore to another, but close again
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Figure 6.5: Connected volume of N2 as a percent of total saturation and the relative change in
connected volume with time are plotted for Experiments 44 and 48. Average saturation is plotted for
Experiments 44-50. Volume renderings of the numbered points are shown in Figures 6.6 and 6.7.
Figure 6.6: Volume rendering of N2 for Experiment 44, corresponding to numbers 1-4 on Figure 6.5.
Bottom: connected volume of N2 in red. Top: small (green), medium (blue) and large (pink) ganglia.
Flow is from top to bottom.
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Figure 6.7: Volume rendering of N2 for Experiment 48, corresponding to numbers 1-4 on Figure 6.5.
Bottom: connected volume of N2 in red. Top: small (green), medium (blue) and large (pink) ganglia.
Flow is from top to bottom.
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without ‘emptying’ a pore.
Figure 6.8: Interaction between ganglia populations for Experiments 44-50. Volume renderings of
points 1-4 are shown in Figure 6.11 and 1-4 in Figure 6.12.
The connectivity of the ganglia populations and overall connectivity of the non-wetting phase
can be investigated using the Euler number, χ (defined in Section 2.9, where χ < 0 indicates
the non-wetting phase is mostly connected, χ > 0 indicates the non-wetting phase is mostly
disconnected and χ = 0 indicates the non-wetting phase is at the saturation percolation thresh-
old. As flow rate is increased, χ decreases, confirming that the non-wetting phase becomes less
well connected (Figure 6.9).
We can define the Euler number of a single ganglion, χi = 1 − β1, where β1 is the number
of redundant connections within a single ganglion and χi = 1 indicates a ganglion with no
redundant connections, χi = 0 indicates a ganglion with a single loop and for χi < 0, |χi| + 1
gives the number of loops. Plotting χi by ganglia population shows that connectivity decreases
with decreasing ganglia size, as is expected (Figure 6.10). But we also see that the ‘stable’
connected pathway in Experiment 44 varies significantly in terms of its connectivity, even if the
overall volume changes little (Figure 6.5).
The variation in connectivity could be a result of different sized ganglia moving through the
pore space, or due to a rearrangement of the connectivity between volumes of N2. In the
time sequence images shown in Figures 6.11 and 6.12, individual ganglia moving progressively
through the pore space cannot be identified. Instead the positions of ganglia appear to be
static, with some of the connectivity between neighbouring ganglia changing.
The labelled N2 images can be summed in order to assess how much of the pore space is
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Figure 6.9: Total non-wetting phase Euler number, χ, calculated for Experiments 44-50.
Figure 6.10: Euler number of individual ganglia, χi, calculated for Experiments 44-50. χi = 1
indicates a ganglion with no redundant connections, χi = 0 indicates a ganglion with a single loop
and for χi < 0, |χi|+ 1 gives the number of loops.
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Figure 6.11: Volume rendering of small (green), medium (blue) and large (pink) N2 ganglia for
Experiment 45, corresponding to numbers 1-4 on Figure 6.8.
Figure 6.12: Volume rendering of small (green), medium (blue) and large (pink) N2 ganglia for
Experiment 49, corresponding to numbers 1-4 on Figure 6.8.
‘static’ N2 and how much contains ‘transient’ connections. For each experiment every time
step is added together creating a single labelled image where volumes of N2 are labelled by
the number of time steps in which they appear. For example, Experiment 48 contains 40
images, meaning ‘static’ N2 will be labelled 40 and ‘transient’ N2 is labelled 1-39 depending
on in how many images that portion of the pore space is occupied. Example summed images
and relative volumes of transient and constant N2 are plotted in Figure 6.13. As flow rate is
increased, the proportion of transient N2 imaged in the pore space increases from ∼ 20 to 60%.
Significantly, static N2 contributes more than 40% of the saturation in all the experiments,
even when there is no connected pathway. This supports the idea that there is repeated
connection and disconnection in pore throats between static ganglia in the pore bodies, rather
than any ganglia flow. Hundreds of pore volumes pass through the core in the course of a
single experiment and so if ganglia were flowing we would expect there to be no locations in
the pore space where static N2 was imaged. Thus the increase in transient N2 does not indicate
ganglia movement, but suggests there is an increase in the frequency with which connections
and disconnections occur. By visually comparing the summed images for each experiment,
individual pores which consistently contain static or transient N2 can be identified, suggesting
the pore space topology is the control on the location of connection and disconnections.
A subvolume has been extracted for part of the pore space which shows the most dynamic
behaviour in order to illustrate the changes in connectivity with increasing flow rate. The
enlarged subvolume (black box, Figure 6.13) of Experiments 44-47 showing four consecutive
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Figure 6.13: Left: Relative volumes of transient and static N2. Smoothing splines are fitted to the
data to guide the eye. Right: Presence of N2 is summed across all time steps for Experiments 44 and
47. White, normalised time = 1, indicates N2 is present in all time steps. Red, normalised time ≈ 0,
indicates N2 is present in that position in only 1 time step. The black box indicates the subvolume in
Figure 6.14.
time steps is shown in Figure 6.14. The volume of N2 shown in the images is connected both
inside and outside of the subvolume. As flow rate is increased from Experiment 44 to 47 there
is change in the connectivity seen in the subvolume.
In Experiment 44 two pores can be seen (P1 and P2), which are connected by a complex
network of narrow, looped (L) and branched (B) pore throats. P1 and P2 remain connected in
the four time steps shown, although the volumes of P1 and P2 decrease slightly. In Experiment
45 the volumes of P1 and P2 are similar to Experiment 44, and the loop L remains filled, but
not all branches of the pore throat complex B are filled at all times meaning P1 and P2 are
disconnected. There must be some disconnection outside of the subvolume as the classifications
of the volumes in P1 and P2 changes from large (pink) to medium (blue). In Experiment 46
there is a clear reduction in the volume of N2 in P1. The branched connection B is not filled
and the connectivity through the loop L changes with time. In Experiment 47 neither the
loop nor the branch are filled and the connectivity with P2 is further reduced, resulting in the
classification of the volume in P2 changing from medium to small (green) in one time step.
The subvolume time sequence reveals that interaction between ganglia populations is the result
of dynamic connectivity in the pore throats, while the pore bodies remain filled throughout.
Of course, as flow rate is increased, temporal resolution is being lost as the images take a fixed
time to acquire. This means that although no connections between P1 and P2 are observed at
high flow rates, this may be because the frequency of connection and disconnection events is
such that a connection is never present during the acquisition of an entire image.
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Figure 6.14: Volume rendering of a 720 × 720 × 360 µm subvolume (black box, Figure 6.13) of 4
consecutive time steps for Experiments 44 and 47. Two pores (P1 and P2), a pore throat loop (L)
and branched pore throats (B) are labelled.
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6.4 Discussion
The simplest conclusion we can make from the observations presented above is that connected
pathways of N2 only exist at low flow rates, i.e. low capillary numbers. We can estimate
a transition from experiments containing connected pathways to experiments containing no
connected pathways in the same manner as Datta et al. (2014) [162] and find critical wetting
and critical non-wetting capillary numbers, Caw,crit = 5× 10−6, Canw,crit = 1× 10−7, shown in
Figure 6.15. These are two to three orders of magnitude smaller than the transition identified
by Datta et al. (2014), which is likely to be due to the difference in pore space topology between
the two experiments (sandstone versus bead pack). However, as well as a different transition,
we also observe very different flow behaviour. Specifically, that the ganglia do not flow.
Figure 6.15: Connected and disconnected N2 as a function of wetting and non-wetting phase cap-
illary numbers for Experiments 44-50. The blue line denotes transition from connected to totally
disconnected N2 at Caw,crit = 5× 10−6 and Canw,crit = 1× 10−7.
It is also possible that the boundary conditions imposed by the experimental set-up may have
an effect on the behaviour observed here. The micro-core is elongated in the direction of flow
and thus there are more available pathways that are elongated in the direction of flow. The
outer surface of the core, perpendicular to the flow direction, is also a no flow boundary. Both
these conditions could place an artificial limit on the formation of connected pathways by both
limiting the number of pathways that are physically possible due to the aspect ratio and size of
the core, and by preventing possible pathways from forming as there is less fluid flow near the
no-flow boundary. If the flow behaviour is significantly affected by the aspect ratio of the flow
domain as well as the no flow boundary, this may force the transition from connected pathway to
dynamic connectivity to occur below the true critical capillary number that could be expected
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in the absence of boundary effects. Inlet and outlet boundary effects can also cause artificially
high wetting-phase saturations. The section of the composite micro-core that was imaged is
far from the inlet but close to the outlet and no obvious gradients in saturation were observed
along the length of the imaged sample. The end effects observed in the core-scale experiments
performed in a continuum-scale Bentheimer sandstone core at much lower capillary numbers
than the pore-scale experiments showed very little indication of outlet end-effects, if at all.
As these pore-scale experiments were performed at a high capillary number and at relatively
low non-wetting phase saturation (SN2 ≈ 30%) the influence of the outlet boundary should be
further reduced.
The dynamic connectivity presented in this chapter is a total departure from the accepted
picture of steady-state flow. In all other experimental studies, there are stable connected
pathways of wetting and non-wetting phase at low capillary numbers and at some critical
capillary number there is a transition to ganglia flow. These ganglia can coalesce or break
apart as they are advected through the porous medium, but the major observation has been
that the ganglia flow wholesale, i.e. that a volume of N2 and the interface defining it move
together [31, 160, 162, 267–269]. There are two major questions to answer; firstly, why do we
observe dynamic connectivity rather than ganglia flow, and secondly, why has this not been
observed before?
For ganglia to flow, the viscous pressure gradient applied to the core must exceed the capillary
pressure threshold for entry into a pore throat. We can estimate the viscous pressure applied to
a single ganglion of N2 contained within a pore of average diameter by the flow of the wetting
phase by
Pvisc ≈ µwqw
φArpore
, (6.6)
where µw [Pa s] is the wetting phase viscosity, qw is the volumetric flow rate [m
3s−1], rpore [m]
is the mean pore radius, φ [-] is the porosity and A [m2] is the cross-sectional area of the core.
The average interstitial velocity is given by qw/φA. For experiments 44-50 this gives an applied
viscous pressure of 0.06-3.24×10−2 Pa. The capillary pressure threshold to enter a pore throat
can be estimated using the Young-Laplace equation,
Pthroat =
2σcosθ
rthroat
. (6.7)
The core sample in used in this study has a mean pore throat of radius rthroat = 29µm; the
interfacial tension between N2 and brine is σ = 64 mN m
−1 and the rock is strongly water
wet (cosθ = 1), giving a threshold capillary pressure of 4.4 × 103 Pa. This is four orders of
magnitude more than the viscous pressure gradient imposed by flow of the wetting phase and
hence there is insufficient viscous force to push, or advect, ganglia through the pore space.
The connection-disconnection behaviour is more favourable and can occur at much lower flow
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rates as it results in little net change in the energy of the system. We assume that all of
the energy put into the system goes into making and breaking interfaces. Thus the instanta-
neous total energy of the system can approximated by the surface energy of the non-wetting
phase,
Esurf ≈ σAs, (6.8)
where As [m
2] is the sum of the surface areas of all the non-wetting phase ganglia. The surface
energy remains constant for the duration of the experiments (Esurf ≈ 0.5 − 1.0 × 10−5J)
and fluctuations in surface energy due to changes in connectivity are at least an order of
magnitude less than the total surface energy (Figure 6.16). This suggests there is energy
available for the connections to form, but not to be sustained. Thus, instead on maintaining all
the interfaces along a connected pathway or the closed interfaces defining individual ganglia,
these continuously break down and then reform.
Figure 6.16: Total surface energy and fluctuations in surface energy for Experiments 44-50.
Why hasn’t dynamic connectivity been observed before? In fact there are suggestions of this
behaviour in some of the earliest observations of steady-state flow in 2D. Chatenever and
Calhoun (1952) [160] observed channel flow in a single layer of glass beads and noted that “In
the case of temporary flow disturbances the flow channels exhibited an elasticity whereby they
tended to resume almost their exact starting configurations with the re-establishment of the
original steady conditions”. In a recent 3D observation Datta et al. (2014) [162] noted that
“Intriguingly... sections of this connected 3D pathway intermittently break up into discrete
ganglia, several pores in size - the observed break up process occurs irregularly, punctuated by
intervals of continuous flow”. It is likely that both these observations are the same disconnection
and reconnection behaviour observed in the pore-scale experiments presented here, although it
is not the main observation of either paper.
Observations of steady-state two-phase flow in model porous media, such as 3D volumes of
randomly packed beads with constant bead diameters and high porosities (φ ∼ 41 − 63%),
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consistently produce observations of ganglia flow and find no evidence for hysteresis between
drainage and imbibition [162, 267–269, 275]. The lack of hysteresis is critical, as this is a
property that is known to be of key importance for the flow and trapping behaviour seen in
real rocks [15, 26, 139], and suggests these porous media are too simplified with respect to the
pore space of real rocks [276]. Both micromodel [206] and modelling [99] studies have identified
that the ratio of the diameters of pore throat to pore body is a controlling factor for the strength
of hysteresis in strongly wetted systems. This suggests that pore space topology in simple bead
packs places limits on the flow behaviour that can be observed.
Micromodel studies have also shown that the interface movements that happen during drainage
events occur on a timescale of milliseconds regardless of the capillary number [277, 278]. This
means that the frequency of the oscillations in total surface energy in Figure 6.16 is both a
filtered (scan time averages behaviour over 23 seconds) and subsampled (scans taken every 43
seconds) signal of the true frequency of connection and disconnection events. We were not able
to decompose the signal into any underlying frequency components using Fourier analysis, most
likely due to the discrepancy between event frequency and sampling frequency.
Presuming the initial invasion of the non-wetting phase at low capillary number occurs as a
percolating connected pathway, when capillary number is increased, the non-wetting phase
breaks up, either due to the build up of pressure in the non-wetting phase or due to the shear
stress imposed on the non-wetting phase by flow of the wetting phase [279]. In shear driven
break up, droplet size is inversely proportional to capillary number [280–282], whereas in flow
rate controlled break up, droplets are formed due to the buildup up of pressure in the wetting
layers squeezing the neck of the non-wetting phase [283,284]. In the latter case, droplet size is
a function of the ratio of flow rates [285]. We observe a decrease in ganglia size with increasing
capillary number, consistent with shear-driven break up but note that the velocity of wetting
phase can be over an order of magnitude larger than qw due to the tortuosity of the pore
space [286], which would promote flow rate controlled break up.
Interface movements have also been shown to be cooperative and non-local, such that drainage
events at the leading edge of a ganglion will result in imbibition events at the trailing edge
[30, 91, 277]. Andrew et al. (2015) [30] have identified snap-off behaviour during drainage for
unsteady-state single phase injection of CO2 into a brine filled carbonate. When a pore is
invaded by a connected volume of CO2 through a pore throat, there is a drop in capillary
pressure, which causes the interface of the ganglion to recede in pore throats and crevices.
This can result in snap-off in pore throats away from the invaded pore, disconnecting part
of the connected CO2 pathway. Continued injection of CO2 can reconnect the disconnected
ganglion in the throat where snap-off occurred. As the drainage front moves through the pore
space, the location of the snap-off associated with pore-filling events will move, so snap-off
will not occur again in the same throat. The disconnection and reconnection is therefore only
associated with the initial invasion of the pore space by the non-wetting phase. The opposite
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process has been identified by Ru¨cker et al. (2015) [173], who that snap-off events could set
up interface oscillations, resulting in coalescence between adjacent ganglia. The observations
presented in this chapter are of repeated disconnection and reconnection in individual throats
during steady-state flow. This is likely to be a manifestation of both of the processes observed
by Andrew et al. (2015) and Ru¨cker et al. (2015), whereby the interface between fluid phases
is continuously oscillating at steady-state. At a non-wetting phase critical saturation, just a few
drainage events may be needed to set up interface fluctuations which result in the steady-state
dynamic connectivity we observe.
6.5 Reconciling pore-scale flow mechanisms with core-
scale observations
The normalised Euler number, χˆ, where χ is divided by the Euler number for the entire pore
space and χˆ = 1 is achieved at 100% non-wetting phase saturation, has been suggested to be
flow process dependent. Schlu¨ter et al. (2016) [46] use a power law relationship to characterise
flow behaviour,
χˆ = pSknw + , (6.9)
where k characterises the slope for a plot of χˆ versus Snw and p and  are fitting parameters.
They found k > 4 indicated capillary fingering, while k < 2 indicated ganglion dynamics.
For Experiments 44 and 48 we obtained k = 9.5 and k = 10.0 and observe an increase in χˆ
with increasing SN2 , indicating the non-wetting phase is more connected at higher saturation
(Figure 6.17). In both these experiments we observe connected pathways of N2, consistent with
a capillary fingering regime. This matches well with the k = 8.7 observed by Herring et al.
(2015) [45], also in Bentheimer sandstone, and k = 7.1 observed by Schlu¨ter et al. (2016) [46]
in an unsteady-state drainage experiment in a beadpack.
However, experiments without connected pathways (45-47 and 49-50) show very different power
law behaviour - the value of k is still consistent with a capillary fingering regime (k = 4.6 and
k = 20.0); however, p is negative, indicating both that the N2 is mostly disconnected and that
the N2 become more disconnected with increasing N2 saturation. This contrary to the steady-
state experiment performed by Schlu¨ter et al. (2016), where they found ganglion dynamics
were indicated by k ≈ 2 and p > 0 [46].
The dynamic connection and disconnection we have described in Section 6.3 is a very different
sort of ganglion dynamics. Although, instantaneously we observe discrete ganglia, they are
arranged in a pathway. This pathway is comparable to a road network with traffic lights. The
flow of cars through the network can be stopped by a red traffic light, momentarily blocking a
junction. When the light turns green the flow continues down the same road. On the pore-scale,
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Figure 6.17: Normalised Euler number, χˆ, plotted versus N2 saturation for Experiments 44-50. Power
law fits from experiments by Herring et al. (2015) [45] and Schlu¨ter et al. (2016) [46] are plotted for
comparison.
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the stop and start appears very different from continuous pathway flow, but at the continuum
scale, although the N2 is instantaneously arranged in separate ganglia, the behaviour overall is
that of a continuous pathway (Figure 6.18). Thus when we make continuum scale measurements
such as relative permeability, we measure flow through the road network, not the stop and start
of an individual car.
Figure 6.18: Pore-scale arrangement of the non-wetting phase.
Ru¨cker et al. (2016 [173] observed that non-wetting phase topology during water flooding is
correlated with relative permeability and Herring et al. (2015) [45] have shown that non-wetting
phase topology at the end of drainage is a key control on residual trapping. We have observed
changes in the spatial distribution of CO2, relative permeability to CO2 and the strength and
character of hysteresis between drainage and imbibition in the core-scale experiments presented
in Chapters 4 and 5. Using the capillary number formulation given in Equation 2.10, all the
core-scale drainage experiments presented in Chapter 4 (Experiments 1-10) and Chapter 5
(Experiments 19, 21, 23, 25, 27, 29, 31, 33 and 35) have capillary numbers in excess of the
critical capillary numbers defined in Figure 6.15, and thus fall in the dynamic connectivity
regime. Thus for the core-floods performed under viscous dominated conditions, the non-
wetting phase will be more disconnected at the end of drainage. This is supported by the
observation of classic hysteresis behaviour and low residual trapping efficiency under capillary
limited conditions as compared with no hysteresis in non-wetting phase relative permeability
and high residual trapping efficiency observed under viscous limited conditions. If the non-
wetting phase is already disconnected at the end of drainage, there will be little additional
snap-off during imbibition and the flow of the non-wetting phase will be via the same dynamic
pathway during drainage and imbibition. Hence, the non-wetting phase relative permeability
will show no hysteresis.
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6.6 Conclusions
We have performed co-injection micro-core-floods using N2 and brine to investigate steady-
state two-phase flow behaviour at reservoir conditions and have identified a new type of flow
behaviour we term dynamic connectivity. Our conclusions are as follows:-
1. Connected pathways of non-wetting phase exist only at low capillary number (Caw,crit =
5× 10−6, Canw,crit = 1× 10−7).
2. Non-wetting phase ganglia are observed in all experiments and the ganglion size distribu-
tions can be predicted by a power law relationship, indicating the system is at steady-state.
3. Connected flow paths are not stable, and interact strongly with the ganglia population
in the pore space.
4. We do not observe the flow of ganglia. Instead, the non-wetting phase is transported
via a network of static ganglia in the pore bodies which rearrange their connectivity to
create transient flow pathways. This dynamically connected pathway acts as a connected
pathway on the continuum scale.
5. The dynamic connectivity increases with total flow rate and capillary number.
6. Dynamic connectivity of the non-wetting phase during drainage may be manifest in little
or no hysteresis between non-wetting phase relative permeability at the core-scale.
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Chapter 7
Conclusions and Future Work
7.1 Conclusions
In this thesis we have performed a multi-scale experimental investigation into the two-phase flow
behaviour between CO2 and brine and N2 and brine at the core and pore-scales and visualised
the fluid distributions using medical and fast synchrotron X-ray computed tomography.
We have performed drainage and imbibition core-floods using CO2-brine and N2-deionised water
and measured two-phase relative permeability on a single sandstone rock core in order to fully
characterise the flow behaviour of the CO2-brine system in simple heterogeneous rocks. We find
that CO2-brine relative permeability is invariant over reservoir conditions of 10.3-20.7 MPa, 38-
91◦C and 0-5 mol kg−1 NaCl brine so long as relative permeability is measured in the viscous
limit. Relative permeability is affected by capillary pressure heterogeneity when measured
under capillary limited conditions and is sensitive to flow rate and non-wetting phase viscosity
in that these parameters control the viscous pressure drop achievable during a core-flood and
hence the capillary number of the displacement. Imbibition relative permeability to the non-
wetting phase is dependent on the conditions under which drainage was performed, suggesting
non-wetting phase topology is a major control on the strength and character of hysteresis.
We use the capillary number, Nc, suggested by Virnovsky et al. (2004) [28] to show that the vast
number of reported observations of relative permeability for CO2-brine systems were made in a
system far from the viscous limit for the derivation of relative permeability. Hence any reported
variance in relative permeability with reservoir conditions is the result of making observations
in a capillary limited system, where derived measures of relative permeability are also strongly
controlled by the level of capillary heterogeneity. The particular sensitivity of the CO2-brine
system to capillary heterogeneity is due to the low value and wide range of CO2 viscosity over
typical reservoir pressures and temperatures. This sensitivity has been used previously as the
basis for suggesting that the wetting state of the CO2-brine system is distinct from other water-
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wet systems and also uniquely sensitive to changes in interfacial tension. However, it is rather
that the balance of viscous and capillary forces in the system can be changed dramatically with
relatively small changes in experimental conditions.
We measured effective and intrinsic relative permeability curves on samples from target CO2
storage sites in the UK by selecting cores with the characteristic capillary heterogeneity of a
target reservoir formation and performing end member two-phase measurements to produce
the intrinsic and minimum flow rate effective relative permeability curves at capillary numbers
relevant to the reservoir. There was a high degree of variability in the measured relative
permeability and residual trapping characteristics amongst seemingly homogeneous and high
permeability sandstones due to the strong dependence of CO2 flow on the capillary heterogeneity
of the pore space.
We have performed co-injection micro-core-floods using N2 and brine to investigate two-phase
two-phase flow behaviour at reservoir conditions and have identified a new type of flow be-
haviour we term dynamic connectivity. Connected pathways of non-wettting phase were only
observed at low capillary numbers. However, the connected flow paths were not stable, and
interacted strongly with the ganglia population in the pore space. We did not observe the
flow of ganglia. Instead, the non-wetting phase is transported via a network of static ganglia
in the pore bodies which rearrange their connectivity to create transient flow pathways. This
dynamically connected pathway acts as a connected pathway on the continuum scale. The rate
of connection and disconnection increased with total flow rate and capillary number.
We speculate that changes in the hysteresis between drainage and imbibition between capillary
and viscous dominated core-floods is a consequence of the dynamic connectivity of the non-
wetting phase on the pore-scale.
7.2 Recommendations
When measuring relative permeability in very homogeneous rock samples or in heterogeneous
samples where an REV smaller than the volume of the experimental system can be identified,
then the method suggested in Chapter 4 should be used. A continuum-scale capillary number
should be used to identify the range of capillary numbers expected for flow in the reservoir.
Then a viscous dominated, intrinsic relative permeability curve and several capillary dominated,
effective relative permeabilities should be measured that describe the flow in the reservoir at
key locations.
However, for most rock samples the REV for the heterogeneities typically observed in sandstone
cores (e.g. cross-bedding and fine-scale laminations or mud drapes) is larger than the volume of
rock available on which to perform a core-flood experiment. Instead, the core-flood can be used
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to obtain a core-scale map of capillary pressure which should be used as the input to core-flood
simulation. The grid of capillary pressure curves should first be tested to ensure the saturation
distribution observed in the core-flood can be matched by the simulation, and the capillary
pressure curves modified accordingly. Relative permeability can then be computed under mul-
tiple different flow scenarios, much faster than is possible from laboratory measurements and
with the ability to control boundary effects.
Regarding real CO2 storage projects, the effect of capillary heterogeneity on the initial invasion
pattern and final achievable distribution of CO2 in the reservoir needs to be included in capacity
estimates, particularly in cases where the total volume of CO2 that can be stored has an impact
on the economics of the project. The endpoint relative permeability and irreducible water
saturations observed in Chapter 5 indicate that initial injectivity will be very low and even
at high CO2 saturations, the low relative permeability to CO2 will slow how quickly CO2 can
be injected into the reservoir. All CO2 storage sites, regardless of heterogeneity, will have to
undergo a slow start-up phase during initial injection while saturations build to a level that
allows large volumes to be injected without a sudden increase in reservoir pressure.
7.3 Future work
The key application of this work is to effectively characterise the flow properties of CO2 and
brine that may be encountered in a CO2 storage reservoir for use as inputs to reservoir models.
The intrinsic and effective relative permeability curves measured here can be used as end
members from which flow rate dependent relative permeability curves can be interpolated and
used to populate reservoir models, such that the range of behaviour from near the well bore
into the far field and the change in this behaviour with different sorts of geologic heterogeneity
is properly represented.
Furthermore, the saturation maps created under viscous and capillary limited conditions can be
used to estimate capillary heterogeneity. By running 3D simulations of core-floods and history
matching the saturation in each voxel by iteratively updating the capillary pressure, voxel by
voxel capillary pressure curves can be created. These sub-core-scale capillary pressure curves
provide information as to the geologic heterogeneity and thus can be used to run flow models
to estimate relative permeability curves under any flow condition, without having to perform
more core-flood experiments.
The pore-scale experiments show an entirely new type of flow behaviour. With the increasing
popularity of digital rocks and an increasing number of companies offering flow characterisation
from pore-scale modelling of micro-CT images, understanding the mechanism involved in the
dynamic connectivity will be fundamental to the success of such pore-scale flow models in
predicting the real behaviour in a reservoir. The flow behaviour should be explored under a
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wider range of fractional flows and in particular to investigate how imbibition proceeds if the
saturation established under drainage was in the dynamic connectivity regime. Complementary
core-scale experiments can be used to investigate the time and length scales over which the
behaviour switches from connected pathway to dynamic connectivity - in many of the viscous
dominated core-floods we observed a long build in pressure drop at low fractional flows which is
likely to be due both to a spatial rearrangement and change in connectivity of the non-wetting
phase in the pore space.
Finally, the core-scale relative permeability and pore-scale imaging of fluid topology should now
be combined to provide a fuller description of Darcy scale flow. Schluter et al. (2016) [46] have
suggested that the Euler number should be a Darcy scale state variable and the observations
presented in this thesis support that idea, particularly with respect to the core-scale observations
of hysteresis in relative permeability.
We have demonstrated the benefit of performing multi-scale characterisations of two-phase and
hope that subsequent work will extend this characterisation to the reservoir scale.
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Appendix A
Supplementary material
A.1 Standard operating procedure for filling, pressuris-
ing and heating the flow rig
Figure A.1: Labelled diagram of the flow rig for use with the standard operating procedure
Initial checks
1. Check compressed air pressure at 0.7 - 1 MPa at regulator on gantry.
2. Check all pumps are empty and heated to experimental temperature.
3. Open: GP3, BP2, L9, L10, CO2 and brine pump inlet and outlet valves. Manually zero
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the pressure on CO2, brine and back pressure pumps, then close CO2 and brine pump
valves.
4. Check VALVE setting on pumps is ACTIVE.
5. Set flow rig to initial conditions: Close: GP3, GP4, BP2, L1, L10, L4, L5, L11, CO2 and
brine pump valves. Open: all other valves.
Expel air by CO2 using CO2 cylinder at maximum pressure of 1.5 MPa
6. Close GP1, GP2, BP1; Open GP4, BP2, CO2 and brine pump valves. Clean gas and
brine pumps until gas bubble/ no brine comes out BP2.
7. Close CO2 pump valves, Open GP2. Clean gas and brine pumps until gas bubble/no
brine comes out BP2.
8. Close GP2, BP2 and brine pump valves. Open GP3. Clean CO2 pump inlet line until
gas bubble/ no brine comes out GP3.
9. Close GP3 and BP4. Open GP2, L1 and L10. Clean bypass loop until gas bubble/ no
brine comes out L10.
10. Close L7. Open L5. Clean core outlet line until no brine comes out L5.
11. Close L3. Open L4. Clean core inlet line until no brine comes out L4.
12. Close GP2. Open GP1. Clean CO2 return line and separator until gas bubble/ no brine
comes out L10.
13. Close L10. Open BP1 and BP2. Clean CO2 and brine return lines and separator until
gas bubble/ no brine comes out BP2.
14. Repeat steps 6 - 13 twice more, or until whole system is dry and full of CO2.
Connect core and take reference dry scan
15. Place core holder inside CT scanner and connect heating line and confining pressure
pump.
16. Fill confining pressure pump with de-ionised water and fill core holder with confining
fluid.
17. Apply experimental overburden to core (3-5 MPa) and heat to experimental temperature.
Wait to ensure core temperature is stable, the volume of the confining pressure pump is
table and no confining fluid leaks from core holder.
18. Connect flow lines and pressure transducers at inlet and outlet side, ensuring L4 and L5
are closed.
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19. Take dry scan of core. NB: Core holder must not be moved to ensure all subsequent
reference scans are aligned.
Fill separator with brine and pressurise outlet side of flow rig
20. Close L8. Open L10. Refill back pressure pump with brine through L10 until full.
21. Close GP1, BP1, BP2, L5 and L6. Check L7 is closed. Open top of extra vessel of
separator. Fill separator with brine using back pressure pump until brine comes out top
of extra vessel. Refill Back pressure pump with brine as often as necessary to achieve this
(pump volume 500 ml, separator + tubing volume 1200 ml).
22. Close top of extra vessel, L9 and L10. Open BP1 and L8. Pump brine from back pressure
pump to expel CO2 from separator and brine return line until only brine comes out BP2.
Brine return line will be full of brine.
23. Close L7, BP1 and GP1. Use back pressure pump to pressurise separator and return
lines.
24. Set back pressure pump to run at constant pressure. Separator and flow lines are now
pressurised to L7, GP1 and BP1. NB: Separator will be full of brine and there will be
brine partially filling the CO2 return line.
25. Heat separator. Back pressure pump volume will adjust to accommodate expanding fluids.
Pressurise inlet side of flow rig with CO2 and take reference CO2 scan
26. Set CO2 regulator to 4 - 5 MPa working pressure. Open GP4. Refill CO2 pumps until
full.
27. Increase confining pressure on core to 3-5 MPa over experimental pressure.
28. Open L3. Check L4 is open and L5, L6 and GP4 are closed. Inject CO2 at max 50
ml/min into core holder and bypass line to L5 and L6 until CO2 pumps are empty.
29. Refill CO2 pumps and inject as often as necessary to reach experimental pressure. Use
pressure transducers to check core pressure.
30. Set CO2 pumps to maintain constant pressure in core and bypass line to L5 and L6.
31. Take reference CO2 scan.
Inject CO2 into separator and position CO2-brine interface
32. Refill CO2 pumps from gas bottle and pressurise to experimental pressure. Check the
back pressure pump is not full.
33. Close L3. Open L7. Inject CO2 through core and into separator.
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34. Repeat until the CO2-brine interface is visible in the sapphire window of the separator.
Back pressure pump can be isolated and emptied using L8 if full.
35. Once interface is in the desired position, close GP4 and open GP1. Gas pumps will now
refill from separator. NB: position of interface can only be changed using gas pumps.
Dissolve CO2 from core by unsaturated brine
36. Refill brine pumps through BP2 until full. Check the back pressure pump is not full.
37. Pressurise brine pumps to BP4.
38. Close GP5, open BP4 and inject 200 - 500 ml of unsaturated brine through core into
separator to dissolve CO2 from core.
39. Inject or circulate brine until core is fully saturated with brine. Take reference unsaturated
brine reference scan.
Equilibrate brine and CO2 in bypass line
40. Check separator level. Adjust by adding or removing CO2 so that the interface is near
the bottom of the separator window.
41. Close L4 and L5. Open L3 and L6. Core is now isolated (check core does not overpressure).
42. Set brine and CO2 pumps to continuous constant flow mode. Set volume limits so pumps
do not empty and set refill rate to twice the injection rate.
43. Set flow rate to 10 - 20 ml/min. Wait for the pumps to empty and refill several times to
check that the pumps are emptying to and refilling at the desired volumes.
44. Turn on heating lines.
45. Circulate for several hours or overnight, until fluids are fully saturated with respect to
one another. The CO2-brine interface will lower as the fluids in the flow rig are heated,
then rise as CO2 dissolves into brine. Fluid are equilibrated when separator interfaces
reaches a constant level and there is no more volume change in the system.
46. Start data acquisition and recording.
CO2-saturated brine reference scan and absolute permeability
47. Check interface in separator and adjust if necessary.
48. Stop flow of CO2 and close GP5. Let brine flow to ensure no CO2 is in the lines between
the pumps and the core.
49. Open L4, close L3, open L5, close L6. CO2-saturated brine will displace unsaturated
brine in core.
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50. Allow heating lines to adjust, then take saturated brine reference scan.
51. Measure absolute permeability to brine and pressure offset of transducers by measuring
pressure drop at several different flow rates.
Begin co-injection
52. Set brine pumps to required flow rate.
53. Open GP5. Start flow CO2 at required flow rate.
A.2 Steady-state saturation profiles for Chapters 4 and
5 (Experiments 1-36)
Steady-state saturation profiles are used to check for end effects for each relative permeability
measurement made (Figures A.2a - A.6d).
In general, saturation profiles show little (< 10%) or no gradient in saturation and show a
consistent shape for the duration of each experiment. Outlet end effects are only observed
for fractional flows > 0.999. In each case the core-averaged saturation has been corrected by
using the saturation observed in the portion of the core without end effects. Where there are
end effects we use Sendra, a two-phase simulator designed to verify core-flood experiments,
to predict the what the pressure drop would be with no saturation gradient. Slice average
saturation profiles, the measured pressure drop and calculated relative permeabilities for all of
the fractional flow steps unaffected by end effects are used as input data. The pressure drop
for the fractional flow with end effects is estimated for the corrected core-averaged saturation.
The error in the pressure drop and hence in the calculated relative permeability is less than
the standard error (Appendix A.4) or within the data symbol in all cases (Figure 4.5). Gupta
and Maloney (2015) [287] describe an intercept method for correcting relative permeability
measurements for end effects when fractional flows are performed at multiple flow rates. Rel-
ative permeability calculations for experiments 11 and 12 are corrected for end effects using
this method, but in both cases the change in relative permeability is within the data symbol in
Figure 4.11.
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(a) Experiment 1 (b) Experiment 2
(c) Experiment 3 (d) Experiment 4
(e) Experiment 5 (f) Experiment 6
(g) Experiment 7 (h) Experiment 8
Figure A.2: Steady-state saturation profiles for Experiments 1-8.
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(a) Experiment 9 (b) Experiment 10
(c) Experiment 11 (d) Experiment 12
(e) Experiment 13 (f) Experiment 14
(g) Experiment 15 (h) Experiment 16
Figure A.3: Steady-state saturation profiles for Experiments 9-16.
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(a) Experiment 17 (b) Experiment 18
(c) Experiment 19 (d) Experiment 20
(e) Experiment 21 (f) Experiment 22
(g) Experiment 23 (h) Experiment 24
Figure A.4: Steady-state saturation profiles for Experiments 17-24.
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(a) Experiment 25 (b) Experiment 26
(c) Experiment 27 (d) Experiment 28
(e) Experiment 29 (f) Experiment 30
(g) Experiment 31 (h) Experiment 32
Figure A.5: Steady-state saturation profiles for Experiments 25-32.
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(a) Experiment 33 (b) Experiment 34
(c) Experiment 35 (d) Experiment 36
Figure A.6: Steady-state saturation profiles for Experiments 33-36.
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A.3 Measured relative permeability for Chapter 4 (Ex-
periments 1-18)
The measured core-averaged fluid saturation and pressure drop, and calculated relative perme-
ability to brine and CO2 or N2 are given in Tables A.1 to A.6 for Experiments 1-18.
Table A.1: Measured relative permeability to CO2 and brine. Experiments 1-4 performed at constant
total flow, qT = 20 ml min
−1.
fCO2 Sw kr,CO2 kr,w ∆P [kPa]
Experiment 1 0.0929 0.6221 0.0014 0.1129 199.7
scCO2-brine 0.2567 0.6131 0.0042 0.1017 181.7
38◦C, 20.7 MPa 0.6065 0.5799 0.0150 0.0809 120.9
0 mol kg−1 NaCl 0.8739 0.5141 0.0405 0.0486 64.49
qT = 20 ml min
−1 0.9700 0.4663 0.0844 0.0217 34.36
0.9939 0.4035 0.1396 0.0072 21.30
0.9984 0.3557 0.1901 0.0025 15.71
0.9996 0.2880 0.2623 0.0009 11.40
Experiment 2 0.0640 0.7782 0.0015 0.3139 34.27
scCO2-brine 0.2440 0.7185 0.0043 0.1885 46.09
91◦C, 10.3 MPa 0.5918 0.6582 0.0137 0.1342 34.96
0 mol kg−1 NaCl 0.8662 0.6084 0.0456 0.1002 15.35
qT = 20 ml min
−1 0.9562 0.5419 0.0864 0.0563 8.951
0.9905 0.4544 0.1138 0.0155 7.039
0.9982 0.3525 0.1806 0.0048 4.471
Experiment 3 0.1136 0.5901 0.0007 0.0821 365.2
scCO2-brine 0.3036 0.5818 0.0022 0.0717 328.3
42◦C, 13.5 MPa 0.5913 0.5754 0.0058 0.0565 244.8
3 mol kg−1 NaCl 0.8271 0.5459 0.0138 0.0410 142.8
qT = 20 ml min
−1 0.9413 0.5109 0.0281 0.0249 79.91
0.9822 0.4682 0.0536 0.0138 43.72
0.9964 0.3879 0.1276 0.0065 18.63
0.9994 0.3196 0.2118 0.0020 11.26
0.9999 0.2748 0.2652 0.0006 8.995
Experiment 4 0.0013 0.8293 0.0000 0.4755 47.07
scCO2-brine 0.0074 0.8107 0.0001 0.4604 48.31
65◦C, 10.5 MPa 0.0312 0.8037 0.0005 0.3630 59.81
3 mol kg−1 NaCl 0.1076 0.7589 0.0012 0.2500 79.99
qT = 20 ml min
−1 0.2956 0.7217 0.0034 0.2008 78.59
0.5844 0.6746 0.0087 0.1550 60.10
0.8229 0.6506 0.0237 0.1277 31.08
0.9543 0.5569 0.0575 0.0690 14.85
0.9899 0.4673 0.0839 0.0216 10.55
0.9993 0.3649 0.1158 0.0022 7.716
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Table A.2: Measured relative permeability to CO2 and brine. Experiments 5-7 performed at constant
total flow, qT = 20 ml min
−1.
fCO2 Sw kr,CO2 kr,w ∆P [kPa]
Experiment 5 0.1008 0.6441 0.0009 0.0989 232.9
scCO2-brine 0.2198 0.6374 0.0020 0.0867 230.6
40◦C, 10.7 MPa 0.4104 0.6252 0.0044 0.0793 190.6
0 mol kg−1 NaCl 0.6970 0.6032 0.0111 0.0598 129.7
qT = 20 ml min
−1 0.8842 0.5673 0.0236 0.0383 77.34
0.9501 0.5360 0.0413 0.0269 47.55
0.9797 0.5059 0.0702 0.0181 28.80
0.9921 0.4650 0.1058 0.0105 19.36
0.9970 0.4248 0.1567 0.0057 13.14
0.9996 0.3309 0.2421 0.0011 8.527
0.9999 0.2870 0.2527 0.0003 8.173
Experiment 6 0.0112 0.8969 0.0006 0.7056 20.53
scCO2-brine 0.0305 0.8762 0.0015 0.5805 24.47
85◦C, 13.3 MPa 0.0763 0.8434 0.0030 0.4577 29.56
0 mol kg−1 NaCl 0.1731 0.7804 0.0055 0.3274 37.00
qT = 20 ml min
−1 0.3419 0.7426 0.0101 0.2435 39.59
0.5605 0.7055 0.0195 0.1914 33.64
0.8850 0.6158 0.0603 0.0980 17.19
0.9504 0.5576 0.0905 0.0589 12.31
0.9852 0.4873 0.1311 0.0246 8.810
0.9997 0.3349 0.2200 0.0007 5.327
Experiment 7 0.0466 0.6135 0.0002 0.0845 483.4
scCO2-brine 0.1494 0.6163 0.0007 0.0764 477.4
41◦C, 12.1 MPa 0.5215 0.5985 0.0032 0.0572 358.4
5 mol kg−1 NaCl 0.8293 0.5695 0.0095 0.0378 193.4
qT = 20 ml min
−1 0.9229 0.5451 0.0177 0.0288 114.8
0.9565 0.5283 0.0275 0.0243 76.74
0.9760 0.5066 0.0397 0.0190 54.17
0.9870 0.4804 0.0575 0.0148 37.85
0.9931 0.4600 0.0852 0.0116 25.71
0.9974 0.4256 0.1264 0.0065 17.40
0.9991 0.3896 0.2003 0.0037 11.00
0.9999 0.3129 0.2983 0.0009 7.394
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Table A.3: Measured relative permeability to N2 and deionised water. Experiments 8-10 performed
at constant total flow rate.
fN2 Sw kr,N2 kr,w ∆P [kPa]
Experiment 8 0.0155 0.7091 0.0001 0.1969 100.5
N2-deionised water 0.0429 0.6958 0.0003 0.1780 108.1
50◦C, 15.5 MPa 0.1069 0.6729 0.0007 0.1525 117.7
qT = 20 ml min
−1 0.4334 0.6504 0.0039 0.1278 89.15
0.7739 0.6226 0.0139 0.1013 44.89
0.8615 0.6168 0.0222 0.0889 31.34
0.9745 0.5436 0.0572 0.0373 13.78
0.9898 0.4933 0.0761 0.0195 10.51
0.9999 0.3794 0.0878 0.0001 9.204
Experiment 9 0.1429 0.6594 0.0008 0.1232 42.34
N2-deionised water 0.4000 0.6309 0.0026 0.0979 37.27
50◦C, 15.5 MPa 0.7143 0.6038 0.0069 0.0685 25.39
qT = 7 ml min
−1 0.8857 0.5663 0.0131 0.0420 16.56
0.9429 0.5413 0.0192 0.0290 12.00
0.9929 0.4534 0.0364 0.0065 6.663
Experiment 10 0.0250 0.5606 0.0001 0.0700 493.8
N2-deionised water 0.1000 0.5596 0.0003 0.0652 489.7
50◦C, 15.5 MPa 0.3750 0.5418 0.0012 0.0511 434.1
qT = 40 ml min
−1 0.6250 0.5310 0.0029 0.0427 311.3
0.8250 0.5080 0.0063 0.0333 186.3
0.9000 0.4872 0.0099 0.0273 129.9
0.9500 0.4639 0.0151 0.0198 89.67
0.9750 0.4470 0.0226 0.0144 61.46
0.9875 0.4229 0.0320 0.0101 43.96
0.9950 0.3866 0.0423 0.0053 33.57
Table A.4: Measured relative permeability to N2 and deionised water. Experiments 11-12 performed
at constant fractional flow of N2.
qT [ml min
−1] Sw kr,N2 kr,w ∆P [kPa]
Experiment 11 5 0.8083 0.0093 0.2319 10.44
N2-deionised water 6 0.7970 0.0091 0.2275 11.32
50◦C, 15.5 MPa 8 0.7812 0.0089 0.2212 15.53
fN2 = 0.5 10 0.7411 0.0075 0.1866 23.00
13.5 0.6689 0.0059 0.1358 41.10
20 0.5643 0.0030 0.0752 128.7
40 0.5730 0.0034 0.0838 231.2
70 0.5679 0.0035 0.0873 388.2
Experiment 12 7 0.4534 0.0364 0.0065 6.663
N2-deionised water 9 0.4426 0.0345 0.0062 9.051
50◦C, 15.5 MPa 12 0.4439 0.0425 0.0076 9.794
fN2 = 0.993 16 0.4434 0.0420 0.0075 13.20
25 0.4399 0.0488 0.0084 18.53
40 0.4352 0.0499 0.0089 27.79
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Table A.5: Measured relative permeability to CO2 and deionised water. Experiment 13 performed
varying fractional flow and total flow rate.
qT [ml min
−1] fCO2 Sw kr,CO2 kr,w ∆P [kPa]
Experiment 13 3 0.1667 0.7776 0.0074 0.3036 10.14
scCO2-brine 3.8 0.3421 0.7362 0.0163 0.2612 11.90
38◦C, 20.7 MPa 5 0.5000 0.7073 0.0254 0.2115 14.69
0 mol kg−1 NaCl 7 0.6429 0.6762 0.0295 0.1362 22.81
10 0.7500 0.6324 0.0416 0.1153 26.94
15 0.8333 0.5891 0.0547 0.0910 34.16
20 0.8750 0.5669 0.0513 0.0608 51.06
40 0.9375 0.5293 0.0740 0.0410 75.83
Table A.6: Measured imbibition relative permeability to CO2 and brine, and N2 and deionised water.
Experiments 14-18 were performed immediately following drainage Experiments 1 and 5-8.
fCO2 Sw kr,CO2 kr,w ∆P [kPa]
Experiment 14 0.9500 0.4960 0.0961 0.0420 29.58
scCO2-brine 0.9000 0.5222 0.0612 0.0565 43.96
38◦C, 20.7 MPa 0.8250 0.5357 0.0382 0.0673 64.63
0 mol kg−1 NaCl 0.7000 0.5605 0.0223 0.0795 93.85
qT = 20 ml min
−1 0.4000 0.5721 0.0076 0.0950 157.0
0.0050 0.5929 0.0001 0.1357 182.3
Experiment 15 0.9500 0.5274 0.0585 0.0382 33.54
scCO2-brine 0.9087 0.5570 0.0346 0.0432 54.21
40◦C, 10.7 MPa 0.8358 0.5752 0.0225 0.0549 76.65
0 mol kg−1 NaCl 0.6918 0.6028 0.0115 0.0638 123.7
qT = 20 ml min
−1 0.4749 0.6115 0.0050 0.0680 198.0
Experiment 16 0.9982 0.3645 0.1848 0.0040 6.332
scCO2-brine 0.9896 0.4582 0.1459 0.0192 7.951
85◦C, 13.3 MPa 0.9428 0.5470 0.0587 0.0445 18.83
0 mol kg−1 NaCl 0.7185 0.5509 0.0078 0.0384 107.4
qT = 20 ml min
−1 0.3261 0.5685 0.0019 0.0483 204.3
Experiment 17 0.9903 0.4894 0.1351 0.0257 16.18
scCO2-brine 0.9713 0.5413 0.0646 0.0371 33.17
41◦C, 12.1 MPa 0.9707 0.5574 0.0381 0.0223 55.05
5 mol kg−1 NaCl 0.9158 0.5566 0.0194 0.0346 104.2
qT = 20 ml min
−1 0.4375 0.5860 0.0021 0.0528 457.0
0.0062 0.5987 0.0000 0.0779 546.7
fN2 Sw kr,N2 kr,w ∆P [kPa]
Experiment 18 0.9869 0.4974 0.0765 0.0253 10.43
N2-deionised water 0.9612 0.5599 0.0509 0.0512 15.27
50◦C, 15.5 MPa 0.8848 0.5723 0.0213 0.0692 33.51
qT = 20 ml min
−1 0.4989 0.6076 0.0035 0.0875 115.1
0.0156 0.6333 0.0001 0.1076 184.0
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A.4 Error in calculated relative permeability and mea-
sured fluid saturations for Chapters 4 and 5 (Ex-
periments 1-36)
Tabulated errors are provided for core-averaged fluid saturation and relative permeability for
Experiments 1-36 (Tables A.7 to A.12). For saturation this is the standard error calculated
from three sets of scans at each fractional flow. The error in relative permeability is given by
the standard error of the pressure drop measured while taking three scans of the core at a single
two-phase fractional flow.
Table A.7: Errors for Experiments 1-4
Sw kr,CO2 kr,w
Experiment 1 0.0065 0.0000 0.0008
scCO2-brine 0.0064 0.0001 0.0016
38◦C, 20.7 MPa 0.0064 0.0003 0.0018
0 mol/kg NaCl 0.0066 0.0024 0.0029
qT = 20 ml/min 0.0065 0.0081 0.0021
0.0067 0.0114 0.0006
0.0072 0.0285 0.0004
0.0080 0.0078 0.0000
Experiment 2 0.0026 0.0000 0.0043
scCO2-brine 0.0034 0.0001 0.0023
91◦C, 10.3 MPa 0.0031 0.0001 0.0014
0 mol/kg NaCl 0.0027 0.0012 0.0027
qT = 20 ml/min 0.0023 0.0063 0.0041
0.0027 0.0062 0.0008
0.0047 0.0253 0.0007
Experiment 3 0.0039 0.0000 0.0003
scCO2-brine 0.0040 0.0000 0.0002
42◦C, 13.5 MPa 0.0039 0.0000 0.0002
3 mol/kg NaCl 0.0040 0.0001 0.0004
qT = 20 ml/min 0.0040 0.0002 0.0002
0.0042 0.0012 0.0003
0.0043 0.0048 0.0002
0.0048 0.0056 0.0001
0.0057 0.0115 0.0000
Experiment 4 0.0024 0.0000 0.0092
scCO2-brine 0.0032 0.0000 0.0272
65◦C, 10.5 MPa 0.0043 0.0000 0.0063
3 mol/kg NaCl 0.0046 0.0000 0.0036
qT = 20 ml/min 0.0039 0.0000 0.0021
0.0070 0.0004 0.0080
0.0053 0.0006 0.0033
0.0054 0.0021 0.0025
0.0053 0.0020 0.0005
0.0303 0.0092 0.0002
Table A.8: Errors for Experiments 5-7
Sw kr,CO2 kr,w
Experiment 5 0.0065 0.0000 0.0004
scCO2-brine 0.0051 0.0000 0.0004
40◦C, 10.7 MPa 0.0043 0.0000 0.0009
0 mol/kg NaCl 0.0042 0.0002 0.0009
qT = 20 ml/min 0.0041 0.0004 0.0006
0.0040 0.0007 0.0005
0.0039 0.0016 0.0004
0.0039 0.0032 0.0003
0.0040 0.0130 0.0005
0.0043 0.0305 0.0001
0.0046 0.0235 0.0000
Experiment 6 0.0023 0.0000 0.0159
scCO2-brine 0.0025 0.0000 0.0117
85◦C, 13.3 MPa 0.0021 0.0001 0.0096
0 mol/kg NaCl 0.0024 0.0001 0.0052
qT = 20 ml/min 0.0024 0.0002 0.0044
0.0029 0.0004 0.0037
0.0022 0.0013 0.0020
0.0023 0.0041 0.0027
0.0026 0.0070 0.0013
0.0045 0.0043 0.0000
Experiment 7 0.0027 0.0000 0.0004
scCO2-brine 0.0027 0.0000 0.0004
41◦C, 12.1 MPa 0.0027 0.0000 0.0003
5 mol/kg NaCl 0.0028 0.0001 0.0005
qT = 20 ml/min 0.0028 0.0004 0.0007
0.0028 0.0010 0.0009
0.0029 0.0006 0.0003
0.0029 0.0011 0.0003
0.0029 0.0021 0.0003
0.0030 0.0035 0.0002
0.0032 0.0092 0.0002
0.0042 0.0381 0.0001
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Table A.9: Errors for Experiments 8-14
Sw kr,N2 kr,w
Experiment 8 0.0029 0.0000 0.0021
N2-deionised water 0.0028 0.0000 0.0019
50◦C, 15.5 MPa 0.0026 0.0000 0.0015
qT = 20 ml/min 0.0025 0.0001 0.0019
0.0030 0.0002 0.0017
0.0029 0.0004 0.0016
0.0027 0.0011 0.0007
0.0030 0.0015 0.0004
0.0052 0.0020 0.0000
Experiment 9 0.0042 0.0000 0.0015
N2-deionised water 0.0036 0.0000 0.0015
50◦C, 15.5 MPa 0.0034 0.0002 0.0016
qT = 7 ml/min 0.0028 0.0004 0.0012
0.0023 0.0009 0.0014
0.0040 0.0042 0.0008
Experiment 10 0.0025 0.0000 0.0005
N2-deionised water 0.0023 0.0000 0.0005
50◦C, 15.5 MPa 0.0028 0.0000 0.0005
qT = 40 ml/min 0.0016 0.0000 0.0005
0.0016 0.0001 0.0005
0.0016 0.0002 0.0007
0.0016 0.0005 0.0007
0.0015 0.0011 0.0007
0.0018 0.0011 0.0003
0.0020 0.0026 0.0003
Experiment 11 0.0048 0.0008 0.0195
N2-deionised water 0.0046 0.0010 0.0242
50◦C, 15.5 MPa 0.0060 0.0009 0.0213
fN2 = 0.5 0.0072 0.0007 0.0165
0.0059 0.0005 0.0121
0.0024 0.0003 0.0076
0.0020 0.0004 0.0092
0.0019 0.0004 0.0101
Experiment 12 0.0040 0.0042 0.0008
N2-deionised water 0.0030 0.0033 0.0006
50◦C, 15.5 MPa 0.0028 0.0022 0.0004
fN2 = 0.993 0.0024 0.0031 0.0006
0.0022 0.0023 0.0004
0.0025 0.0054 0.0010
Experiment 13 0.0065 0.0005 0.0211
scCO2-brine 0.0063 0.0006 0.0097
38◦C, 20.7 MPa 0.0062 0.0019 0.0156
0 mol/kg NaCl 0.0071 0.0027 0.0125
0.0064 0.0022 0.0061
0.0063 0.0042 0.0070
0.0066 0.0027 0.0032
0.0064 0.0039 0.0022
Experiment 14 0.0064 0.0101 0.0044
scCO2-brine 0.0064 0.0009 0.0008
38◦C, 20.7 MPa 0.0064 0.0017 0.0029
0 mol/kg NaCl 0.0064 0.0004 0.0015
qT = 20 ml/min 0.0062 0.0000 0.0006
0.0065 0.0000 0.0007
Table A.10: Errors for Experiments 15-22
Sw kr,CO2 kr,w
Experiment 15 0.0035 0.0010 0.0007
scCO2-brine 0.0035 0.0013 0.0016
40◦C, 10.7 MPa 0.0035 0.0003 0.0008
0 mol/kg NaCl 0.0034 0.0001 0.0007
qT = 20 ml/min 0.0035 0.0000 0.0004
Experiment 16 0.0039 0.0058 0.0001
scCO2-brine 0.0031 0.0087 0.0011
85◦C, 13.3 MPa 0.0024 0.0011 0.0009
0 mol/kg NaCl 0.0027 0.0001 0.0006
qT = 20 ml/min 0.0029 0.0000 0.0004
Experiment 17 0.0031 0.0100 0.0019
scCO2-brine 0.0030 0.0017 0.0010
41◦C, 12.1 MPa 0.0030 0.0019 0.0011
5 mol/kg NaCl 0.0029 0.0003 0.0006
qT = 20 ml/min 0.0034 0.0000 0.0002
0.0032 0.0000 0.0003
Experiment 18 0.0023 0.0053 0.0018
N2-deionised water 0.0028 0.0010 0.0010
50◦C, 15.5 MPa 0.0032 0.0004 0.0012
qT = 20 ml/min 0.0028 0.0000 0.0012
0.0030 0.0000 0.0009
Experiment 19 0.0333 0.0000 0.0007
Drainage 0.0332 0.0000 0.0009
Viscous limited 0.0334 0.0001 0.0014
0.0336 0.0004 0.0019
0.0345 0.0005 0.0008
0.0351 0.0012 0.0011
0.0366 0.0045 0.0009
0.0403 0.0052 0.0000
Experiment 20 0.0360 0.0021 0.0003
Imbibition 0.0352 0.0016 0.0005
Viscous limite 0.0340 0.0008 0.0008
0.0332 0.0005 0.0015
0.0327 0.0003 0.0022
0.0324 0.0000 0.0008
0.0321 0.0000 0.0008
Experiment 21 0.0342 0.0000 0.0004
Drainage 0.0340 0.0000 0.0004
Capillary limited 0.0343 0.0000 0.0004
0.0348 0.0001 0.0004
0.0360 0.0007 0.0007
0.0372 0.0015 0.0004
0.0383 0.0019 0.0002
0.0424 0.0066 0.0000
Experiment 22 0.0416 0.0093 0.0002
Imbibition 0.0383 0.0043 0.0003
Capillary limited 0.0367 0.0027 0.0006
0.0352 0.0009 0.0007
0.0342 0.0005 0.0014
0.0334 0.0002 0.0018
0.0331 0.0001 0.0017
0.0329 0.0000 0.0014
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Table A.11: Errors for Experiments 23-30
Experiment 23 0.0369 0.0000 0.0032
Drainage 0.0386 0.0000 0.0014
Capillary limited 0.0413 0.0002 0.0012
0.0429 0.0002 0.0005
0.0440 0.0002 0.0001
0.0463 0.0002 0.0000
Experiment 24 0.0429 0.0002 0.0005
Imbibition 0.0406 0.0002 0.0018
Capillary limited 0.0379 0.0002 0.0023
Experiment 25 0.0243 0.0000 0.0014
Drainage 0.0243 0.0000 0.0010
Viscous limited 0.0246 0.0000 0.0002
0.0250 0.0001 0.0002
0.0256 0.0003 0.0002
0.0262 0.0007 0.0002
0.0270 0.0018 0.0003
0.0334 2.9351 0.0050
Experiment 26 0.0327 0.6455 0.0111
Imbibition 0.0250 0.0006 0.0006
Viscous limited 0.0247 0.0001 0.0004
0.0247 0.0000 0.0003
0.0248 0.0000 0.0003
0.0247 0.0000 0.0005
Experiment 27 0.0348 0.0012 0.0240
Drainage 0.0355 0.0048 0.0362
Capillary limited 0.0361 0.0068 0.0171
0.0369 0.0098 0.0070
0.0374 0.0008 0.0002
0.0385 0.0137 0.0002
Experiment 28 0.0385 0.0046 0.0004
Imbibition 0.0385 0.0007 0.0003
Capillary limited 0.0359 0.0005 0.0051
0.0341 0.0001 0.0112
0.0340 0.0000 0.0111
Experiment 29 0.0087 0.0000 0.0004
Drainage 0.0088 0.0000 0.0004
Viscous limited 0.0089 0.0000 0.0002
0.0092 0.0002 0.0002
0.0093 0.0002 0.0001
0.0095 0.0010 0.0002
0.0094 0.0007 0.0001
0.0098 0.0017 0.0000
0.0135 0.0101 0.0000
Experiment 30 0.0136 0.0076 0.0001
Imbibition 0.0153 0.0038 0.0002
Viscous limited 0.0141 0.0055 0.0008
0.0127 0.0035 0.0013
0.0107 0.0005 0.0006
0.0092 0.0001 0.0006
0.0086 0.0000 0.0009
Table A.12: Errors for Experiments 31-36
Sw kr,CO2 kr,w
Experiment 31 0.0104 0.0000 0.0026
Drainage 0.0119 0.0000 0.0011
Capillary limited 0.0126 0.0000 0.0017
0.0113 0.0000 0.0007
0.0120 0.0000 0.0004
0.0116 0.0001 0.0002
0.0148 0.0002 0.0000
Experiment 32 0.0119 0.0001 0.0001
Imbibition 0.0111 0.0001 0.0001
Capillary limited 0.0105 0.0000 0.0003
0.0097 0.0000 0.0003
0.0094 0.0000 0.0008
Experiment 33 0.0140 0.0000 0.0016
Drainage 0.0110 0.0000 0.0004
Viscous limited 0.0091 0.0000 0.0005
0.0067 0.0000 0.0005
0.0063 0.0000 0.0006
0.0061 0.0001 0.0005
0.0063 0.0001 0.0006
0.0065 0.0004 0.0005
0.0074 0.0009 0.0004
0.0081 0.0019 0.0003
0.0089 0.0014 0.0000
Experiment 34 0.0097 0.0038 0.0001
Imbibition 0.0095 0.0025 0.0002
Viscous limited 0.0079 0.0016 0.0004
0.0059 0.0007 0.0013
0.0057 0.0002 0.0012
0.0058 0.0000 0.0008
Experiment 35 0.0091 0.0001 0.0196
Drainage 0.0089 0.0001 0.0123
Capillary limited 0.0088 0.0001 0.0072
0.0088 0.0002 0.0034
0.0086 0.0004 0.0034
0.0092 0.0005 0.0018
0.0099 0.0008 0.0012
0.0106 0.0032 0.0016
0.0111 0.0028 0.0004
0.0108 0.0023 0.0000
Experiment 36 0.0097 0.0069 0.0019
Imbibition 0.0093 0.0028 0.0025
Capillary limited 0.0090 0.0033 0.0079
0.0081 0.0019 0.0146
0.0065 0.0004 0.0105
0.0064 0.0001 0.0203
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A.5 Measured relative permeability for Chapter 5 (Ex-
periments 19-36)
The measured core-averaged fluid saturation and pressure drop, and calculated relative perme-
ability to brine and CO2 are given in Tables A.13 to A.16 for Experiments 19-36.
Table A.13: Measured relative permeability to CO2 and brine. Experiments 19-24 with Bunter
Sandstone.
fCO2 Sw kr,CO2 kr,w ∆P [kPa]
Experiment 19 0.8904 0.6168 0.0015 0.1213 89.04
Drainage 0.8432 0.6079 0.0032 0.1069 84.32
Viscous limited 0.7268 0.5963 0.0063 0.0919 72.68
0.5293 0.5758 0.0134 0.0648 52.93
0.3801 0.5281 0.0227 0.0394 38.01
0.2985 0.5004 0.0307 0.0278 29.85
0.1794 0.4360 0.0539 0.0103 17.94
0.0967 0.3202 0.1015 0.0010 9.669
Experiment 20 0.9883 0.4530 0.0628 0.0095 15.44
Imbibition 0.9768 0.4822 0.0531 0.0160 18.05
Viscous limited 0.9262 0.5302 0.0365 0.0369 24.88
0.8140 0.5761 0.0247 0.0716 32.34
0.6277 0.6090 0.0133 0.1003 46.23
0.3575 0.6283 0.0050 0.1148 69.71
0.0762 0.6503 0.0008 0.1285 89.51
Experiment 21 0.0926 0.5782 0.0007 0.0861 115.7
Drainage 0.2662 0.5858 0.0023 0.0789 102.1
Viscous limited 0.5176 0.5711 0.0056 0.0667 79.37
0.7738 0.5397 0.0126 0.0466 53.27
0.9262 0.4875 0.0244 0.0246 32.91
0.9768 0.4401 0.0400 0.0120 21.15
0.9919 0.3942 0.0584 0.0061 14.69
0.9996 0.2731 0.1180 0.0006 7.328
Experiment 22 0.9987 0.2950 0.1052 0.0018 8.211
Imbibition 0.9956 0.4038 0.0773 0.0053 11.14
Viscous limited 0.9834 0.4565 0.0541 0.0116 15.74
0.9435 0.5147 0.0349 0.0266 23.37
0.8140 0.5703 0.0200 0.0579 35.25
0.6277 0.6062 0.0101 0.0763 53.57
0.3575 0.6315 0.0041 0.0931 75.73
0.0625 0.6445 0.0006 0.1050 97.96
Experiment 23 0.1000 0.8306 0.0003 0.0325 3.203
Drainage 0.3100 0.7522 0.0008 0.0235 3.394
Capillary limited 0.6300 0.6688 0.0018 0.0134 3.203
0.8500 0.5970 0.0027 0.0060 2.876
0.9750 0.5688 0.0029 0.0010 3.027
0.9950 0.4833 0.0027 0.0002 3.318
Experiment 24 0.8150 0.5453 0.0021 0.0060 3.564
Imbibition 0.5200 0.5914 0.0016 0.0189 2.946
Capillary limited 0.1350 0.6783 0.0004 0.0334 2.994
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Table A.14: Measured relative permeability to CO2 and brine. Experiments 25-28 with Ormskirk
Sandstone.
fCO2 Sw kr,CO2 kr,w ∆P [kPa]
Experiment 25 0.2572 0.6622 0.0011 0.0543 48.24
Drainage 0.4611 0.6411 0.0020 0.0394 48.20
Viscous limited 0.6940 0.6231 0.0035 0.0265 40.75
0.9003 0.5920 0.0085 0.0160 22.02
0.9596 0.5637 0.0166 0.0119 11.97
0.9802 0.5342 0.0281 0.0097 7.228
0.9913 0.4966 0.0468 0.0070 4.394
0.9999 0.2669 0.9963 0.0017 0.208
Experiment 26 0.9990 0.2788 0.3417 0.0058 0.606
Imbibition 0.9443 0.5716 0.0254 0.0254 7.713
Viscous limited 0.8705 0.6095 0.0113 0.0285 16.04
0.7461 0.6073 0.0049 0.0283 31.57
0.4044 0.6204 0.0018 0.0453 46.37
0.0590 0.6298 0.0003 0.0792 41.85
Experiment 27 0.4610 0.9365 0.0277 0.5497 1.604
Drainage 0.6940 0.9235 0.0526 0.3942 1.270
Capillary limited 0.8705 0.8995 0.0670 0.1695 1.250
0.9595 0.8536 0.0737 0.0528 1.254
0.9868 0.8068 0.0620 0.0141 1.532
0.9990 0.7162 0.0906 0.0015 1.061
Experiment 28 0.9945 0.7156 0.0681 0.0064 1.406
Imbibition 0.9803 0.7187 0.0641 0.0220 1.471
Capillary limited 0.6380 0.7768 0.0405 0.3907 1.516
0.1275 0.7872 0.0066 0.7720 1.849
0.0260 0.7815 0.0013 0.8425 1.891
Table A.15: Measured relative permeability to CO2 and brine. Experiments 29-32 with Captain
Sandstone.
fCO2 Sw kr,CO2 kr,w ∆P [kPa]
Experiment 29 0.0954 0.6828 0.0009 0.0879 419.3
Drainage 0.3171 0.6772 0.0033 0.0701 396.8
Viscous limited 0.6294 0.6604 0.0092 0.0530 284.6
0.8991 0.6190 0.0260 0.0286 143.6
0.9521 0.6014 0.0388 0.0192 101.8
0.9797 0.5776 0.0570 0.0116 71.26
0.9926 0.5672 0.0810 0.0060 50.81
0.9978 0.5395 0.1284 0.0028 32.21
0.9998 0.3388 0.4599 0.0011 9.016
Experiment 30 0.9986 0.3314 0.3822 0.0053 10.83
Imbibition 0.9949 0.5319 0.1918 0.0097 21.51
Viscous limited 0.9852 0.5727 0.1554 0.0229 26.29
0.9635 0.6107 0.1199 0.0446 33.31
0.8991 0.6552 0.0701 0.0773 53.19
0.6800 0.6719 0.0215 0.0995 131.1
0.2731 0.7299 0.0061 0.1597 185.4
Experiment 31 0.0100 0.9846 0.0002 0.2002 20.15
Drainage 0.0335 0.9478 0.0005 0.1409 27.94
Capillary limited 0.0955 0.8848 0.0014 0.1288 28.61
0.2335 0.8378 0.0031 0.1010 30.92
0.5765 0.8152 0.0075 0.0538 32.05
0.8990 0.7820 0.0144 0.0159 25.95
0.9950 0.6028 0.0215 0.0011 19.15
Experiment 32 0.9520 0.6807 0.0166 0.0082 23.80
Imbibition 0.8740 0.7048 0.0130 0.0184 27.94
Capillary limited 0.6295 0.7297 0.0082 0.0471 32.03
0.3170 0.7632 0.0034 0.0714 38.96
0.0420 0.7770 0.0005 0.1097 35.59
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Table A.16: Measured relative permeability to CO2 and brine. Experiments 33-36 with Otway
Sandstone.
fCO2 Sw kr,CO2 kr,w ∆P [kPa]
Experiment 33 0.0182 0.8193 0.0003 0.1993 84.06
Drainage 0.0452 0.7327 0.0004 0.1283 127.0
Viscous limited 0.1023 0.7111 0.0009 0.1065 143.8
0.2104 0.6825 0.0017 0.0909 148.3
0.3830 0.6697 0.0035 0.0782 134.6
0.5954 0.6519 0.0069 0.0662 104.2
0.7843 0.6333 0.0129 0.0497 74.01
0.9064 0.6150 0.0235 0.0340 47.14
0.9662 0.5729 0.0349 0.0171 33.70
0.9902 0.5325 0.0533 0.0074 22.62
0.9996 0.4609 0.0921 0.0006 13.20
Experiment 34 0.9980 0.4665 0.1062 0.0031 11.43
Imbibition 0.9931 0.5312 0.0870 0.0085 13.89
Viscous limited 0.9812 0.5826 0.0676 0.0182 17.65
0.8822 0.6575 0.0294 0.0551 36.45
0.6474 0.6837 0.0101 0.0771 78.05
0.1775 0.6987 0.0015 0.0969 144.8
Experiment 35 0.0450 0.8810 0.0009 0.2806 5.041
Drainage 0.1025 0.8810 0.0017 0.2105 6.316
Capillary limited 0.2105 0.8732 0.0031 0.1646 7.106
0.3830 0.8431 0.0047 0.1071 8.535
0.5995 0.7927 0.0083 0.0789 7.594
0.7845 0.7420 0.0121 0.0468 6.820
0.9060 0.7028 0.0173 0.0252 5.527
0.9660 0.6767 0.0278 0.0137 3.668
0.9900 0.6509 0.0285 0.0040 3.668
0.9990 0.6214 0.0288 0.0004 3.668
Experiment 36 0.9810 0.6469 0.0443 0.0120 2.340
Imbibition 0.9420 0.6783 0.0332 0.0287 2.996
Capillary limited 0.8540 0.6832 0.0294 0.0705 3.066
0.6475 0.7213 0.0188 0.1433 3.644
0.3340 0.7697 0.0060 0.1676 5.887
0.0840 0.7838 0.0019 0.2840 4.777
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A.6 Initial-residual saturation profiles for Chapter 5 (Ex-
periments 37-43)
The measured slice-averaged fluid saturation and calculated Land trapping coefficients for Ex-
periments 37-43 are given in Figures A.7 to A.10.
Figure A.7: Residual trapping profiles for
Bunter sandstone, Experiments 37-38.
Figure A.8: Residual trapping profiles for
Ormskirk sandstone, Experiments 39-40.
Figure A.9: Residual trapping profiles for
Captain sandstone, Experiment 41.
Figure A.10: Residual trapping profiles for
Paaratte sandstone, Experiments 42-43.
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Appendix B
Permissions
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